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Figure 4-2 Ameren's On-Peak Supply Gap - June 2014-May 2019 Period - Expected Load Forecast, No 
Curtailment of Renewable PPAs  

 

Under the high load forecast scenario, Ameren will be consistently short starting as early as June 2014.  The 
average supply gap for peak hours of the 2014-2015 delivery period is estimated to be 586MW. 

Under the low load forecast scenario, Ameren would not require any additional energy procurement until 
June 2016 and Ameren’s supply portfolio would actually be in excess during the peak hours of the 2016-2017 
period in average by 11MW (shortfalls would only occur during the summer of 2016). 

Figure 4-3 Ameren's On-Peak Supply Gap - June 2014-May 2019 Period - High Load Forecast, No 
Curtailment of Renewable PPAs 
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Figure 4-4 Ameren's On-Peak Supply Gap - June 2014-May 2019 Period - Low Load Forecast, No 
Curtailment of Renewable PPAs 

 

 

4.2 ComEd Resource Portfolio 

Figure 4-5, Figure 4-6, and Figure 4-7, show the current gap in the ComEd supply portfolio for the June 2014-
May 2019 planning period, using the average, high and low load on-peak forecast described in Section 3.3.  

ComEd’s current energy resources will not cover load starting in June 2014.  The average supply gap during 
peak hours for the 2014-2015 delivery year is estimated to be 771MW. The 2013 Procurement Plan explicitly 
stated a change in the hedging plan, so that only 50% of expected 2014/2015 load would be hedged a year 
ahead.  This gap is expected to remain relatively constant until the Rate Stability Procurement (RSP) contracts 
terminate in January 2018.  

Figure 4-5 ComEd's On-Peak Supply Gap - June 2014-May 2019 period - Expected Load Forecast, No 
Curtailment of Renewable PPAs 

 



Filed for ICC Approval September 30, 2013 

 
47 

Under the high load forecast scenario, ComEd will be consistently short during the whole study period.  The 
average supply gap for peak hours of the 2014-2015 delivery period is estimated at 1429MW. 

Figure 4-6 ComEd's On-Peak Supply Gap - June 2014-May 2019 Period - High Load Forecast, No 
Curtailment of Renewable PPAs 

 

Under the low load forecast scenario, ComEd will also be consistently short during the study period except for 
the months of April, May and October 2017. 

Figure 4-7 ComEd's On-Peak Supply Gap - June 2014-May 2019 Period - Low Load Forecast, No 
Curtailment of Renewable PPAs 
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5 MISO and PJM Resource Adequacy Outlook and Uncertainty  

As a result of retail choice in Illinois, resource adequacy (the load/resource balance) can be viewed as a 
function of determining what level of resources to purchase from which markets over time. However, in order 
for the Illinois market to properly function, the overall RTO markets (e.g. MISO and PJM) must provide 
sufficient resources to satisfy the load of all customers. This section reviews the likely load/resource 
outcomes over the planning horizon to determine if the current system is highly likely to provide the 
necessary resources such that customers will be served with adequate and reliable power.  

In reviewing the load/resource outcomes over the planning horizon, this section analyzes several outside 
studies of resource adequacy that are publicly available from different planning and reliability entities. These 
include:  

 North American Electric Reliability Corporation (“NERC”), the entity certified by the Federal Energy 
Regulatory Commission to establish and enforce reliability standards with the goal of ensuring the 
reliability of the American bulk power system.  

 Midcontinent ISO (“MISO”), which operates the transmission grid in most of central and southern 
Illinois.  

 PJM Interconnection (“PJM”), which operates the transmission grid in Northern Illinois.  

From review of these entities’ most recent documentation, it is clear that over the planning horizon both PJM 
and MISO will maintain adequate resources to meet the collective needs of customers in those regions.  

5.1 Resource Adequacy Projections 

In PJM, capacity is largely procured through PJM’s capacity market, Reliability Pricing Model (“RPM”), which 
was approved by FERC in December 2006. RPM is a forward capacity auction through which generation offers 
capacity to serve the obligations of load-serving entities. The primary capacity auctions, Base Residual 
Auctions (“BRAs”), are held each May, three years prior to the commitment period. The commitment period is 
also referred to as a delivery year (“DY”).73  In addition to the BRAs, up to three incremental auctions are held, 
at intervals 23, 13, and 3 months prior to the DY.74 As outlined in Figure 5-1, PJM is projected to have 
sufficient resources to meet load plus required reserve margins from 2013-2018, with projected reserve 
margins averaging over 20% during this time frame. This is approximately 5% above the 15.6% reserve 
margin requirement.  

                                                                    

73 A DY is June 1 through May 31 of the following year. 
74 To the extent the 1st and 3rd incremental auctions are not needed, they may be cancelled by PJM. The 2nd incremental auction is held 
to procure capacity to meet the deferred short-term resource procurement. 
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Figure 5-1 PJM NERC Projected Supply and Demand 

 

MISO’s capacity market construct, Module E-1, creates a framework for electric utilities and capacity 
resources to enter into bilateral agreements for capacity. Specifically, Module E-1 is a resource adequacy 
program that requires the region’s load-serving entities to procure sufficient capacity resources to meet their 
peak load plus target reserve margin.75  Under Module E-1, a load-serving entity can procure resources to 
meet its resource adequacy requirements by offering or self-scheduling resources in the annual auction or by 
submitting a Fixed Resource Adequacy Plan (“FRAP”) to demonstrate sufficient resources have already been 
procured. As outlined in Figure 5-2, MISO is projected to have sufficient resources to meet load plus required 
reserve margins from 2013-2018, with reserve margins averaging over 22% during this time. This is 
approximately 5% above the 17.5% reserve margin requirement.  

5.2 Locational Resource Adequacy Needs 

The RTO-based reliability assessments examined above are important measures of resource reliability in 
Illinois because the Illinois electric grid operates within the control of these two RTOs. While changes are 
projected to occur in the RTOs, as outlined below, the IPA concludes that it does not need to include any 
extraordinary measures in the 2013 Procurement Plan to assure reliability over the planning horizon.  

The integration of Entergy into MISO, which will create the MISO Southern Region and is planned for 
December 2013, will provide more generation to be dispatched and bid into the MISO markets (the 
load/resource balance associated with the Southern Region is not reflected in Figure 5-2 as it has yet to be 
incorporated in NERC projections). 

                                                                    

75 An LSE’s reliability requirement is based on either planning reserve margins (PRM) determined by MISO, based on a loss of load 
expectation of one day in ten years, or state-specific standards. 
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Figure 5-2 MISO NERC Projected Supply and Demand 

 
 

An increase in capacity resources exporting into PJM (7,500 MW in total representing an incremental 4,000 
MW from the previous year’s auction) is reported in the 2016/17 Base Residual Auction.76 This substantial 
increase in imports for PJM is a positive development with respect to PJM’s capacity market, but may also 
indicate less confidence in MISO’s Module E-1 anticipated pricing and/or liquidity to the extent imports are 
coming from this region. 

5.3 Operational Adequacy 

MISO has discussed setting requirements for upward and downward ramping capacity.  The concept is that at 
least a specified fraction of the resource adequacy would have to be met by capacity capable of meeting a 
flexible ramping standard.  To date, no such requirement has been incorporated into Module E-1.   

 

                                                                    

76 Of the 7,500 MW of total net imports, approximately 4,800 had firm transmission service into PJM. The remaining 2,700 have 
submitted requests for firm transmission service, but have yet to receive it. This situation adds some uncertainty regarding the ability of 
those capacity resources without firm transmission rights into PJM to meet their capacity obligations for the 2016/17 delivery year. 
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6 Managing Supply Risks 

The Illinois Power Agency Act lists the priorities applicable to the IPA’s portfolio design, which are “to ensure 
adequate, reliable, affordable, efficient, and environmentally sustainable electric service at the lowest total 
cost over time, taking into account any benefits of price stability.”77 

At the same time, the Legislature recognized that achievement of these priorities requires a careful balancing 
of risks and costs, when it required that the Procurement Plan include:  

an assessment of the price risk, load uncertainty, and other factors that are associated with the 
proposed procurement plan; this assessment, to the extent possible, shall include an analysis of 
the following factors: contract terms, time frames for securing products or services, fuel costs, 
weather patterns, transmission costs, market conditions, and the governmental regulatory 
environment; the proposed procurement plan shall also identify alternatives for those portfolio 
measures that are identified as having significant price risk.78 

This chapter discusses and assesses risk in the supply portfolio, as well as tools and strategies for mitigating 
them. Developing a strategy requires knowledge of the risk factors associated with energy procurement and 
delivery and of the tools available to manage those risks.  The first section describes the risk factors 
themselves. These include some risk factors identified in the previous sections. The balance of the chapter 
identifies and analyzes the tools available to manage those risk factors. Section 6.2 describes types of 
contracts and hedges that can be used to manage supply risk.  Those products may be thought of as being 
used to build a supply portfolio. Section 6.3 addresses the complementary issue of reducing or re-balancing 
the supply portfolio when needed.  

Sections 6.4 through 6.7 address the cost and uncertainty impacts of these risk factors.  Risk is often taken to 
mean the amount by which costs differ from initial estimates.  Utility energy pricing in Illinois is based on 
estimates and cost differences are trued up after the fact through the Purchased Energy Adjustment (PEA).  
Section 6.4 provides a historical summary of PEA rates as a guide to the historical impact of risk factors.  
Section 6.5 includes estimates of the cost impacts of risk factors based on a Monte Carlo simulation model, 
and compares several forward hedging strategies.  Section 6.7 focuses on full requirements tranche contracts.  
Tranche contracts can eliminate the uncertainty in supply cost, and the Monte Carlo model is used to estimate 
the associated price premium. 

Finally, Section 6.8 addresses demand management. 

6.1 Risks 

Procurement risk factors can be divided into three broad categories: volume, price, and hedging 
imperfections. Volume risk deals with risk factors associated with identifying the volume and timing of 
energy delivery to meet demand requirements. Price risk covers not only the uncertainty in the cost of the 
energy but also the costs associated with energy delivery in real time. Hedging imperfections are the result of 
mismatches between the types of available hedge products and the nature of customer demand. 

6.1.1 Volume Risk 

The accuracy of load forecasts directly impact volume risk. Accurate customer consumption profiles, load 
growth projections, and weather forecasts impact both the total energy requirement and the shape of the 
load curve. Sections 3.2 and 3.3 describe the load forecasting processes undertaken by Ameren and ComEd 
respectively. This section discusses the risk factors associated with those forecasts. 

                                                                    

77 20 ILCS 3855/1-20(a)(1). 
78 220 ILCS 5/16-111.5(b)(3)(vi). 



Filed for ICC Approval September 30, 2013 

 
52 

6.1.1.1 Load Profiles 

The load forecasts of both utilities start by developing a system-wide forecast.  Multipliers are applied to 
eliminate load that has switched to ARES service or municipal aggregation.  Customer groups that have been 
declared competitive – medium and large commercial and industrial customers – are removed entirely. The 
use of a multiplier assumes the profile of non-switched load and switched load are equivalent. If the switched 
loads have different load shapes from the retained loads then the profiles that are the basis for the forecast do 
not represent actual load shapes.  

6.1.1.2 Load Growth Projections 

Ameren does not explicitly separate uncertainty in load growth from customer migration and weather 
uncertainty, all three of which are combined in the definition of high and low scenarios.  The high and low 
cases represent a variation of ±9% in service area load.   

ComEd defines high and low load growth scenarios as 2% above or below the load growth in their base or 
expected case forecast.  The changes in load growth are imposed upon the model rather than derived from 
economic scenarios. 

6.1.1.3 Weather Forecast 

On a short-term basis, weather fluctuations are a key driver of the uncertainty in load forecasts, and in the 
daily variation of load forecasts around an average-day forecast. Ameren and ComEd have incorporated 
weather variation into their high and low load forecasts.  Ameren treats weather uncertainty together with 
load growth uncertainty.  ComEd’s high and low forecasts are built around two sample years and the 
historical weather affects impacting forecasted load variability within the year.  

6.1.1.4 Technology Impacts 

The deployment of smart meters can provide customers with a better understanding of the relationship 
between consumption and pricing. This knowledge may lead to changes in consumption patterns. It also may 
allow ARES to target specific customers. For example, ARES may be able to identify and target customers with 
flatter or more predictable loads. 

Energy efficiency programs and the introduction of customer generation can also impact consumption 
patterns.  Weatherization and efficient appliances will reduce the total volume of energy required. The 
intermittent character of small-scale wind and roof-top solar will impact both the total volume and load 
shape.  

6.1.1.5 Customer Switching 

Ameren and ComEd forecast the load to be served by subtracting from the retail load, in classes that have not 
been declared competitive, the fraction of load expected to be served by ARES directly or through municipal 
aggregation.  

In their base cases, Ameren projects 73.0% switching among eligible retail customers by the end of the 2014-
2015 delivery year; ComEd projects about 74.7%. No additional municipal aggregation activities are forecast. 
At these high migration values, switching may be approaching saturation.    

The uncertainty around customer switching appears to be more related to the chance that utility load will 
increase from return to service. Over half the current supply contracts for municipal aggregation will expire 
in the 2014-2015 procurement year.  If ARES and municipal renewal offers are more expensive relative to 
utility bundled supply prices, there may be a considerable amount of return to utility service. On the other 
hand, switching could be higher than expected resulting in an over-hedged position. Expanding on the 
hypothetical, assuming that those hedges are above market prices, the remaining load taking bundled utility 
service would be subject to higher bundled rates.   
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6.1.2 Price Risk 

The price the Ameren and ComEd supply customer pays for electricity consists primarily of the price of 
energy procured in the forward and spot markets (Sections 6.1.2.1 and 6.1.2.2 as well as 6.1.2.7) the cost of 
capacity to meet resource adequacy requirements (Section 6.1.2.3), and the cost of delivery (Sections 6.1.2.4 
through 6.1.2.6), plus additional charges related to RPS compliance.  

6.1.2.1 Energy 

Spot market electricity prices are volatile. Purchasing electricity in forward markets can reduce price risk. 
On-peak, off-peak, and around-the clock products are offered for various time periods from next day through 
several years. The price of the hedges to be bought in each subsequent year is unknown because the future 
price cannot be known in the present.  

6.1.2.2 Real-Time Balancing 

Forward contracts are based on the procurement of a block of energy over multiple hours. Customer 
consumption changes hourly. For example, the portion of an energy block that is not consumed during the 
hour starting at 10 AM cannot be moved to the hour starting 2 PM when consumption is greater than the 
energy block.  The day ahead forecast excess energy for the hour starting at 10 AM is sold first into the RTO’s 
day-ahead market and any imbalance due to actual load deviations is settled in the real-time balancing 
market. Likewise the shortfall of energy required for the hour starting at 2 PM is purchased from the day-
ahead market and any imbalance due to actual load deviations is settled in the real-time balancing market. 
The volume and price sold at 10 AM do not necessarily match the volume and price purchased at 2 PM. 

6.1.2.3 Capacity 

ComEd is a member of PJM.  PJM holds annual auctions to procure capacity through its Base Residual Auction 
(which occurs three years and one month prior to the delivery period) and all subsequent Incremental 
Auctions. The clearing price for the capacity purchased through these auctions is the Final Zonal Capacity 
Price that PJM uses to price ComEd’s Daily Unforced Capacity (UCAP) Obligation.  ComEd, like nearly all PJM 
Load Serving Entities, fulfills its capacity obligation through relatively passive participation in the PJM 
Reliability Pricing Model as a price taker.  Specifically, ComEd pays PJM the resulting Final Zonal Capacity 
Price times ComEd’s daily UCAP Obligation. 

Ameren is a member of MISO.  MISO also has a capacity requirement and has instituted its own Planning 
Resource Auction (PRA).  The PRA covers the prompt year. The 2013-14 delivery year was the first year in 
which Ameren fulfilled its Planning Reserve Margin Requirement (PRMR) by participating in the auction.  
Although the bulk of Ameren’s Zonal Resource Credits (ZRCs) were purchased in the 2012 procurement 
event, Ameren participated in the auction by offering to sell into the PRA all ZRCs acquired by Ameren 
through previous IPA procurement events as a price taker and receive the auction clearing price.  Ameren will 
pay the same auction clearing price for its entire PRMR, which is updated on a daily basis to take into account 
retail switching. 

6.1.2.4 Ancillary Services 

Ancillary services consist of regulation to correct short-term load changes, and energy reserves to protect 
services from unexpected shortages. They support reliable delivery of energy. A load serving entity’s (LSE’s) 
obligation for these services can be met by self-provision, by contracting with another party, or through the 
RTO’s reserve market.  Bilateral contracting for ancillary services is not very liquid; therefore most LSEs are 
exposed to the RTO’s ancillary service pricing. 

6.1.2.5 Transmission  

The delivery of procured energy resources requires the reservation of adequate transmission capacity to 
transport the energy to customer locations. LSEs generally use network transmission service.  Transmission 
service is purchased on a first-come first-serve basis. Energy contracts that call for delivery at the customer 
location shift transmission price risk to the seller.  The pricing of transmission service is FERC regulated and 
tends to be transparent.  
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6.1.2.6 Congestion 

Transmission congestion occurs when the desired flow of power on a transmission path exceeds the path’s 
capacity. The RTO runs a day-ahead market to identify and reschedule flows. The cost of this service is 
charged to entities scheduling delivery into a congested load zone. Financial Transmission Rights (FTRs) are 
hedging instruments used to mitigate congestion risk and Auction Revenue Rights (ARRs) allocate to 
transmission customers (both firm and network) the revenues resulting from the auction of FTRs. LSEs can 
use these revenues to offset congestion charges. 

6.1.2.7 Correlation Between Volume and Price Risk Factors 

Customer switching decisions may be influenced by the difference between utility and third party provider 
pricing. Customer switching behavior impacts volume risk. Variability in utility customer volume impacts 
price risk. 

IPA’s historic procurement strategy has been to buy power in a “laddered” fashion.  A large fraction of the 
power consumed by retail customers was bought forward one to two years earlier.  In a period of rising 
prices, those forward purchases may be priced below market. Therefore the blended price of utility supply 
may be less than the current price of an ARES or municipal aggregation offer. This price difference may result 
in increased migration back to the utility.  The reverse is also true: higher utility supply costs may increase 
switching away from the utilities. 

These trends may be intensified if there is a lag in reflecting the utility’s energy costs in customer rates. 
Slowly rising rates will increase switching to the utility. Slowly dropping rates may increase migration from 
the utility. 

Volume changes resulting from these pricing differences may result in additional price risks.  

6.1.3 Hedging Imperfections 

6.1.3.1 Procurement Supply Shape  

The standard on-peak and off-peak block energy products do not reflect each hour’s load.  These products 
provide a constant volume and hourly price across a fixed number of hours. Hourly energy prices vary across 
the day and within each of the peak and off-peak periods.  Load also varies within those periods and a great 
deal of that variation is predictable.  Energy costs more when demand is high and less when low.  Therefore, 
fixed volume and price purchases by themselves give an inaccurate forecast of the cost of energy to serve load 
and provide only a partial price hedge. 

Because of this variation, if the average peak and off-peak monthly load is perfectly hedged, the actual hourly 
load will still be imperfectly hedged. Residual risk will still exist because the actual load is usually greater or 
less than the average. 

6.1.3.2 Procurement Location versus Customer Location 

Hedge contracts for energy located remotely from the load location have transmission access and congestion 
risks.  This is unlikely to be a problem with hedge contracts that deliver to the LSE’s load zone, as is the case 
with existing hedges for which the IPA has procured. 

6.1.3.3 Renewable Energy 

Renewable energy procurement requirements met through the purchase of generation output are subject to 
intermittency.  The cost to cover this intermittency may not be hedgeable, because the IPA procures 
renewable products (such as RECs or energy on an as-generated, rather than as pre-scheduled, basis) that are 
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not comparable to standard block energy products.  This risk factor was discussed at length in the Agency’s 
2013 report on the cost and benefits of renewables.79 

6.2 Tools for Managing Supply Risk 

Traditionally a utility’s electricity supply plan includes physical supply and financial hedges.  Physical supply 
includes the power plants that the utility owns or controls, as well as transactions for physical delivery of 
electricity.  Financial hedges are additional hedging instruments used to manage residual price risk and other 
risks, such as weather risk.  

ComEd and Ameren divested their generating plants to unregulated affiliates or third parties. They have no 
contracts for unit-specific physical delivery, other than certain QF (Qualifying Facilities under the Public 
Utilities Regulatory Practices Act (PURPA)) contracts.  Their long-term renewables PPAs (Power Purchase 
Agreements) are structured as Contracts for Differences.  The utilities do not purchase and take title to 
electricity. The utilities’ supply positions, other than RTO spot energy, are price hedges.   

Physical electricity supply and load balancing for ComEd and Ameren are coordinated by the respective RTOs 
(PJM and MISO respectively). ComEd and Ameren are considered Load Serving Entities (LSE) by the RTOs.  
Each RTO provides day-ahead and real-time electricity “spot pricing”. That is, generators supply their energy 
to the RTO, and the RTO delivers energy to LSEs and customers.  The RTO ensures the physical delivery of 
power. The cost of managing this delivery, including the cost of managing reliability risks is passed on to the 
LSEs financially. The risks faced by LSEs in supplying energy to customers are mostly financial. The LSE still 
needs to manage certain operational risks such as scheduling and settlement.  There are other, non-financial 
risks associated with electricity retailing, such as customer billing or accounts payable risks; but those are not 
associated with the supply portfolio. 

Each RTO charges a uniform day-ahead price for all energy scheduled in a given hour and delivery zone.  To 
the extent that real-time demand differs from the day-ahead schedule, load is balanced by the RTO at a real-
time price; if demand exceeds the day-ahead schedule then the LSE pays the real-time price, and if demand is 
less than the day-ahead schedule the LSE is credited the real-time price.  Both the day-ahead and the real-
time prices are referred to as Locational Marginal Prices (LMPs) because they depend on the delivery location 
or zone. 

6.2.1 Types of Supply Hedges 

An important category of energy supply hedges is a unit-specific supply contract. Other supply hedges are 
forward contracts, futures contracts, and options. 

6.2.1.1 Unit-Specific Hedges  

Unit-specific hedges are contracts for the output of a specific generator.  Contractually they are sometimes 
structured as financially-settled swaps. The selling counterparty (i.e., generator) pays the hourly spot LMP to 
the buyer (i.e., LSE), and receives from the buyer either a fixed payment per MWh or a payment computed 
from a floating index (as in the case of a contract indexed to the price of fuel).  The amount of the payment for 
each hour is the difference between these two $/MWh values and a notional energy quantity, which equals 
the volume of energy dispatched by a specific generating unit or a fixed fraction of the dispatched volume.  
Unit-specific hedges may be categorized based on the control that the buyer has over the unit’s dispatch. 

 As-available.  In this case the buyer cannot instruct the unit to generate, although in some cases the 
buyer has a limited right to curtail the generation.  As-available hedges usually involve intermittent 
renewable generators that have an uncontrollable energy source, or which depend on the availability 
of energy as a byproduct of an economically independent industrial process (e.g., cogenerators that 

                                                                    

79 Illinois Power Agency, Annual Report: The Costs and Benefits of Renewable Resource Procurement in Illinois Under the Illinois Power 
Agency and Illinois Public Utilities Acts, Submitted to the Illinois General Assembly and the Illinois Commerce Commission Pursuant to 
PA 97-0658, March 29, 2013. 



Filed for ICC Approval September 30, 2013 

 
56 

are QFs).  In an as-available hedge the payment received by the generator is usually a fixed amount 
per MWh.  The 20-year renewables contracts entered into by ComEd and Ameren in 2010 are 
examples of unit-specific, as-available energy hedges. Actually they are unit-specific as-available 
combinations of energy hedges and REC supply contracts. 

 Baseload.  In this case the generator is assumed to operate around the clock except for outages. There 
can be notice provisions or performance standards that are intended to limit the impact of forced 
outages and provide certainty around the timing of maintenance outages.  The payment received by 
the generator may be a fixed amount per MWh or an amount indexed to a fuel price. 

 Dispatchable. In a dispatchable contract the buyer has the right to schedule the generator’s 
operation, except for outages.  They are like options exercised each hour, subject to physical 
constraints on the unit’s ability to modify its generation level.  The payment received by a 
dispatchable generator will often be indexed to a fuel price, in which case the dispatchable contract is 
similar to a physical tolling contract. There is usually an initial cost to the buyer to enter into a 
dispatchable contract, equivalent to an option premium. As-available or baseload contracts often 
have no initial cost or option value. 

6.2.1.2 Unit-Independent Hedges.   

Other available hedges do not depend on the production of any generating unit or combination or units.  
From the standpoint of a generation owner selling such a hedge it is “portfolio-based” rather than unit-
specific because it depends on the owner’s entire portfolio. 

 Standard forward hedges.  A forward contract for energy is a contract for the delivery of energy at a 
future date, or over a fixed period of time in the future, at a predetermined fixed price.  A financial 
forward hedge is a fixed-for-floating swap where the selling counterparty receives a fixed payment 
for energy in each hour, and pays the RTO LMP to the buyer.  A notional hourly energy volume 
multiplier is used to determine the payments.  The period of time and the notional volume are 
defined in the contract.  Standard wholesale forward contracts cover one or more months.  A typical 
contract sold in the winter for summer delivery would cover July and August, or the third calendar 
quarter. While in May, one would be more likely to find separate contracts for the following July and 
August.  A “7x24” contract has a constant notional amount in each hour.  A “5x16 peak” contract has a 
constant notional amount in each hour from the hour ending (“HE”) 7 AM to HE 10 PM (prevailing 
time) on weekdays except for holidays,80 and zero in other hours.  An “off-peak” contract has a 
constant notional amount in the hours in which a peak contract has a zero notional amount. 

 Shaped forward hedges.  A shaped forward hedge is similar to a standard forward hedge except that 
the notional volume can vary across the hours of the delivery period.  For example, the notional 
volume could be proportional to the average expected customer load in each hour, to hedge against 
the correlation of price risk with load.  Alternatively a shaped forward hedge could be based on a 
different time period. For example, there could be a fixed notional volume only in weekday afternoon 
hours, or on weekends and holidays from HE 7 AM to HE 10 PM but not other off-peak hours.  
Trading in shaped hedges is much less liquid than trading in standard forward hedges. So one could 
expect shaped hedges to be priced at a premium to expected LMP prices, or, at a higher premium 
than standard forwards. 

 Futures contracts.  Futures contracts are purely financial instruments that are not subject to delivery 
requirements such as day-ahead scheduling with the RTOs. They are otherwise similar to forward 
contracts except for collateral and margining requirements.  Futures contracts generally require both 
parties to deposit cash with an exchange, and as the contract price moves each day this “margin” is 
moved between the parties’ accounts to reflect their gains and losses.  In this way, futures contracts 
are settled incrementally up to the expiration date (end of the delivery period). Forward contracts 

                                                                    

80 A standard set of holidays is defined by NERC:  New Year’s Day, Memorial Day, Independence Day, Labor Day, Thanksgiving Day and 
Christmas Day. 
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are settled entirely on the expiration date, or monthly if the term is longer than one month.  Instead 
of margin, forward hedges often require parties to post collateral with each other as a guarantee of 
settlement.  Both the NYMEX and the Intercontinental Exchange (“ICE”) list futures contracts 
corresponding to the standard forward hedges described above, at both the PJM Northern Illinois 
Hub (ComEd) and the MISO Illinois Hub (Ameren). 

 Options.  A call option gives the buyer the right, but not the obligation, to buy a specific contract.  A 
put option gives the buyer the right, but not the obligation, to sell a specific contract.  A call option, 
for example, can help hedge against price increases but provides no hedge against price decreases. A 
price decrease is a risk to the utilities, passed through to their customers, if it is accompanied by 
increases in municipal aggregation or other forms of switching that leave the utility expensive hedges 
it no longer needs.  Options on forward or futures contracts are much less expensive than the 
contract themselves, because they only convey the right to spend the money to buy the contract.  

 Swing options.  A swing option is a forward hedge that gives the buyer the right, but not the 
obligation to change the volume in some subset of hours. Generally, the buyer can either zero out the 
volume in hours in which it was previously nonzero (curtail), or increase the volume from zero to the 
full notional volume (dispatch).  A contract can include multiple “swings”, that is, multiple points at 
which the decision can be made.  A dispatchable option is essentially the same as a swing option with 
one swing each hour, and unit-contingent volumes.  Swing option contracts are generally customized. 
An exception is a unit-specific dispatchable contract, which is a standard concept. 

 Full requirements hedges.  A full-requirements or “tranche” contract covers a fixed fraction of an 
LSE’s load, rather than a fixed volume.  For example, a 1% one-month tranche contract is a swap 
contract under which the selling counterparty receives an amount for each hour in the month equal 
to a fixed price per MWh multiplied by 1% of the LSE’s total supply requirement for that hour (load 
plus losses), and would pay to the LSE an amount equal to the LMP multiplied by 1% of the LSE’s 
total supply requirement for that hour.  All these hourly amounts are netted for the entire month.  
One hundred such tranche contracts will fully hedge the LSE’s energy supply for the month, at a fixed 
price. 

Full requirements hedge contracts differ significantly from the other examples above.  Forward 
hedges and futures require specification of the notional energy volumes.  This makes them 
convenient for suppliers, who can for example sell a forward contract to achieve a precise effect on 
their portfolio. For example they can be used to take a short position, flatten the portfolio, reduce 
overall risk, etc.  They are not as convenient for an LSE with a varying and uncertain load, who may 
wish to have a perfectly hedged portfolio.  Forward block hedges cannot perfectly cover a load that is 
1,900 MW in HE 10 AM and 2,900 MW in HE 4 PM.  And, forward hedges cannot perfectly cover a 
load at HE 4PM that can be either 2,900 MW or 2,000 MW, depending on the weather. Full 
requirements hedges are useful in addressing load-related risks.  Full requirements hedges can also 
be used in combination with other standard products in a supply portfolio to reduce, but not 
completely eliminate price risk.  

Full requirements hedges have been used in other states to provide the utility its entire supply 
requirement at a known fixed price for a specific term.  They are not traded products and had to be 
specifically defined (standardized) for the purpose, through regulatory processes.  Auctions were 
defined in which the utilities would procure them.  Information sharing and multiple workshops 
were needed to ensure that the auctions would attract significant supplier participation and produce 
competitive prices. 

Section 6.7.1 includes a summary of other states’ experience with full requirements hedges and 
Section 6.7.2 provides an estimate of the cost premium associated with them.   
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6.2.2 Suitability of Supply Hedges 

Not all of the types of hedges described in Section 6.2.1 are suitable for use in this procurement plan and all 
may not be readily available in electricity markets. Illinois requires that “any procurement occurring in 
accordance with this plan shall be competitively bid through a request for proposals process,” provides a set 
of requirements that process must satisfy, and mandates that the results be accepted by the ICC.81  Among the 
specific requirements, the procurement administrator must be able to create a market price benchmark for 
the process; the bidding must be competitive; and the procurement administrator is required to report on 
bidder behavior. The most natural evidence of competitiveness will be breadth of participation, although 
other evidence may be possible as well. 

Hedges most suitable for use by the Agency would be those standardized products that are well-understood, 
and preferably widely traded.  If a product has liquid trading markets, or is similar to other product with 
liquid markets, a bidder can control its own risk exposure.  Availability of information on current prices and 
the price history of similar products help bidders provide more competitive pricing, and help the 
procurement administrator produce a realistic benchmark.  In its previous procurement plans the IPA has 
generally restricted its hedging to the use of standard forward hedges in 50 MW increments.  The Agency’s 
recommended plans have been stated in terms of monthly contracts although procurement events have met 
some of these needs with multi-month contracts. 

The IPA has in the past purchased energy products that are not typically traded, such as the long-term PPAs 
with new build renewable generation that were authorized in the 2010 Procurement Plan.  As noted in 
Chapter 2, these products still must be standardized in such a way that the winning bidders may be selected 
based on price alone, and the price is subject to a market-based benchmark.  As a result, the IPA’s authority to 
procure other products, including shaped forward contracts and option contracts, could end up litigated in 
this proceeding.  For any discussion about authority and policy regarding full requirements purchases, the 
IPA notes that the markets will likely not be as transparent, which in turn results in challenges for the 
benchmarking and approval process that are central to the IPA’s procurement structure. 

Futures contracts at the PJM Northern Illinois Hub and the MISO Illinois Hub are traded in reasonably deep 
liquid markets, making such contracts easier to benchmark. The markets for long-dated (i.e. further in the 
future) contracts are less liquid, however.  The Agency ought to be able to obtain competitive pricing on such 
contracts if it were to want to incorporate them in its portfolio. However, it may be difficult or impossible to 
conduct the statutory RFP process for futures contracts; for example, it is unclear how the margin 
requirements would fit within the current regulatory framework. 

Even if the utilities cannot procure futures contracts directly, the IPA does take account of them in the 
development of its procurement strategy.  For example, in the past the Agency has procured forward 
contracts in 50 MW increments.  NYMEX futures are 5 MW contracts.  This means that both price discovery 
and supplier hedging are available for smaller quantities.  The Agency should be able to conduct its 
procurements in smaller units too, such as 25 MW blocks. 

6.3 Tools for Managing Surpluses and Portfolio Rebalancing 

Chapter 4 illustrated that under its expected and low load scenarios. Ameren will be overhedged and will 
have forward contracts in excess of expected load for most or all of the 2014-2015 delivery year.  ComEd 
appears not to be overhedged in 2014-2015, but under a low load growth, high switching scenario will be 
overhedged later in the projection horizon.  Furthermore, if the Agency continues to use a “laddering 
approach” it is quite possible that in future years one or both utilities will find that it over-procured in the 
early years of the ladder and became overhedged. 

                                                                    

81 220 ILCS 5/16-111.5(b), (e), (f). 
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The Illinois Power Agency Act specified that the procurement plan “shall include … the criteria for portfolio 
re-balancing in the event of significant shifts in load.”82  Such re-balancing may be necessary this year, in the 
case of Ameren.  It is therefore appropriate to consider what tools are available to conduct such rebalancing, 
keeping in mind that the utilities, not the Agency, are the owners of the forward hedges and that selling of 
excess supply in the forward markets may have unintended cost and accounting consequences. 

1. To date the only rebalancing of hedge portfolios prior to the delivery date has been the curtailment of 
long-term renewable contracts due to budget restrictions.  Spending on these contracts was subject 
to a limit related to a mandated rate cap.  Since these contracts provide renewable energy (energy 
plus RECs), curtailing them has reduced ComEd’s forward position.  Still, this is a small effect 
compared to the potential re-balancing need, especially for Ameren.  Ameren has not previously 
curtailed renewable contracts but expects to beginning with the 2014-2015 delivery year. 

2. For the last few years the utilities have rebalanced their portfolios in the RTOs’ day-ahead markets. 
This has been the dominant mode of portfolio rebalancing.  Revenues from the sale of excess energy 
in the day-ahead market helps to offset the overall cost of the hedges already procured. 

3. As an alternative form of rebalancing, the Agency could conduct “reverse RFP” procurement events, 
in which the bids are to buy rather than sell forward hedges.  The Agency would have to verify that 
these kind of events fall within its authority to “conduct competitive procurement processes” under 
20 ILCS 3855/1-20(a)(2) and that the utilities whose contracts are to be sold or who would be selling 
an offsetting position are amenable.  The utilities’ amenability will probably flow from ICC approval 
of a procurement plan including such reverse RFPs.  Finally the risk associated with the volume to be 
re-balanced would have to be large enough to justify the expense of a procurement event. 

4. Assuming the Agency had the requisite authority, it could also issue an RFP to purchase derivative 
products, such as put options on forward hedges, which would have a similar risk reduction effect to 
selling forwards.  This may avoid contractual difficulties associated with selling forward hedge 
contracts, if those contracts are not freely assignable. However, this approach will require the 
utilities to ensure they had regulatory approval to exercise the options after purchasing them. 

6.4 Comparison to the Purchased Electricity Adjustment 

The Purchased Electricity Adjustment (“PEA”) functions as a financial balancing mechanism to assure that 
electricity supply charges match supply costs over time. The balance is reviewed monthly and the charge rate 
is adjusted accordingly. The PEA can be a debit or credit to address the difference between the revenue 
collected from customers and the cost of electricity supplied to these same customers in a given period. The 
supply costs are tracked, and the PEA adjusted, for each customer group. 

The PEA provides some guidance as to the amount by which the complete set of risk factors caused the cost of 
energy supply to differ from the estimate – in other words, the impact of risk.  Figure 6-1 shows how the PEAs 
have changed over the last three years.  While Ameren’s PEAs have been generally negative, ComEd’s have 
been more often than not positive, but quite volatile.  ComEd has voluntarily limited its PEA to move between 
0.5 cents/ kWh and -0.5 cents/kWh, and the figure shows that ComEd’s PEA has oscillated between those 
limits. In July 2013 the absolute value of Ameren PEAs increased significantly. The IPA understands this 
decrease to be temporary in nature as Ameren approaches the final months of transitioning to a uniform PEA 
applicable to all zones, and that the Ameren PEA is likely to return to a smaller adjustment in coming months. 

                                                                    

82 220 ILCS 5/16-111.5(b)(4). 
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Figure 6-1 Purchased Energy Adjustments in Cents/kWh 

 

6.5 Estimating Supply Risks in the IPA’s Historic Approach to Portfolio Planning 

6.5.1 Historic Strategies of the IPA 

The utilities, pursuant to plans developed by the IPA, have historically used fixed-price, fixed-quantity 
forward energy contracts and financial hedges (the Long-term Renewables Contracts), along with RTO load 
balancing services to serve load.  In other words, energy delivery has been coordinated by the RTOs and the 
Agency has arranged a portfolio of long-term contracts and standard forward hedges, in multiples of 50 MW, 
for each utility.  Ancillary services have been purchased from the RTO spot markets. The utilities have used 
Financial Transmission Rights and Auction Revenue Rights to mitigate transmission congestion risk. 

Forward hedges have been procured on a “laddered” basis.  The Agency originally sought to hedge 35% of 
energy requirements on a three-year-ahead basis, another 35% on a two-year-ahead basis, and the 
remainder on a year-ahead basis.  Procurements have been annual, in April or May, rather than on a more 
frequent or ratable basis.  For example, in the spring of 2010, the Agency procured forward hedge volumes 
(in 50MW increments) as close as possible to 35% of the monthly average peak and off-peak load forecasts 
for the 2012-2013 procurement year. In the Spring of 2011, the Agency procured forward hedge volumes (in 
50MW increments) to bring the total volume as close as possible to 70% of then-current monthly average 
peak and off-peak load forecasts for the 2012-2013 procurement year. And in the Spring of 2012, the Agency 
procured forward hedge volumes (in 50MW increments) to bring the total volume as close as possible to 
100% of then-current monthly average peak and off-peak load forecasts for the 2012-2013 procurement 
year.   

In the 2013 procurement plan, the Agency indicated it was considering a change in hedging from 
100%/70%/35% of the expected load to 75%/50%/25%.   A formal request of the ICC was not made and a 
decision was deferred as no procurements were held in the plan, a formal request of the ICC was not made 
and a decision was deferred until future Plans.  Under this example, 25% of the 2013-2014 delivery years’ 
expected load would be left unhedged.  This would be consistent with a view that over-forecasting would be 
more costly than under-forecasting, or that forward hedges were priced at a premium to the expected spot 
price.  The procurement schedule balances procurement overhead costs, price risk, and load uncertainty.  If 
the amounts to be hedged in any year are small, the Agency could decide to avoid the procurement overhead 
and not schedule a procurement event (as in 2013).  The Agency has not used options, unit specific contracts 
(except for the long-term renewable PPAs) or other forms of hedging in the past.  In addition the Agency has 
not used forward sales or put options to rebalance its portfolio. 
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6.5.2 Measuring the Cost and Uncertainty Impacts of Risk Factors 

Section 6.1 enumerated a number of risks in power procurement, some of which have mitigated by the 
Agency’s historic procurement strategy.  The IPA used a Monte Carlo model to evaluate the potential cost and 
uncertainty impacts of various risks.  “Uncertainty impact” refers to the fact that uncontrollable changes in 
variables such as forward and spot prices or customer loads can affect the total cost as well as the cost per 
MWh of a portfolio.  A simple measure of the uncertainty impact is the standard deviation of the distribution 
of possible cost outcomes.  The Monte Carlo model simulates random values of forward and spot costs, and of 
load growth, weather and switching, and estimates the distribution of cost outcomes. The standard deviation 
of cost is estimated by the sample standard deviation of the simulation cost distribution. It is quite difficult to 
estimate the probabilities of price and load scenarios for the next several years, so one must use these results 
carefully.  Strategic choices with a three-year horizon should not be based solely on small differences in 
simulated outcomes. 

The Monte Carlo model is described in Appendix F. The model was run separately for Ameren and ComEd, 
with different parameters: the Ameren model utilizes the Ameren load forecasts, the MISO Illinois Hub 
forward price curve and a model of price uncertainty based on historic MISO day-ahead prices; the ComEd 
model utilizes the ComEd load forecasts, the PJM Northern Illinois Hub forward price curve and an model of 
price uncertainty based on historic day-ahead prices.   

The model ran in two different modes: single year and three-year. The single year mode assumes an existing 
hedge portfolio from purchases over the previous two years and includes only the hedges acquired for the 
prompt year, that is, the year beginning on the next June 1. The three-year mode includes the implementation 
of the chosen hedging strategy.   

While the simulation model’s parameters are based on statistics drawn from historical price and load 
distributions, the model was not precisely calibrated.  Its results should not be taken as cost forecasts, but as 
estimates of the cost under different assumptions whose differences can be used as relative indicators of the 
impacts of various risk factors. 

6.5.2.1 Shaping  

“Shaping” represents the impact of the correlation of load and price, both of which vary during the period of 
time hedged by a standard product.  In order to determine the impact of the shaping risk factor, the Monte 
Carlo model was run for each utility for a single year. The forward price was not an important factor, only the 
forward volume.  The assumed granularity or contract size of forward hedges was important. To evaluate 
shaping, the IPA used a granularity of 0.001 MW (1 kW). This very fine granularity implied that for all 
practical purposes the model could perfectly hedge the average hourly load in the monthly peak and off-peak 
periods. The only variability would be due to the difference between average and hourly loads.  Load forecast 
error or variation was suppressed.  The runs each assumed the expected load forecast matched actual loads. 

The impact of shaping is the difference between the unit (per-MWh) cost of the hedges, and the total unit cost 
of the hedged portfolio, including hourly energy purchases or sales at spot due to the imperfection of the 
hedges.  The costs are shown in Table 6-1. 

Table 6-1 Impact of Shaping 

 Ameren ComEd 
Hedge Cost ($/MWh) $29.63  $29.53  
Total Cost ($/MWh) $31.37  $31.29  
Cost Impact of Shaping  ($/MWh) $1.74  $1.76  
Cost Impact of Shaping (Relative) 5.9% 6.0% 

6.5.2.2 Spot Price Uncertainty 

The IPA separately estimated the impacts of forward and spot price uncertainty.  The impact of forward price 
uncertainty depends on the strategy chosen, and is addressed in the following section.  
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“Spot price uncertainty” means the variation in prices during the delivery month itself, relative to the closing 
price of the forward contract at the end of the prompt (previous) month.  A one-year model was used to 
consider the impact of spot price uncertainty, assuming no variation or uncertainty in the hedge prices.  
Similar to shaping, the load forecast error was suppressed and the each run assumed the load would match 
the expected load forecast.   

The representation of spot price uncertainty is explained in Appendix F.  The impact of spot price uncertainty 
is the difference between the total cost in a run with uncertain spot prices, and the total cost in the model 
runs described in 6.5.2.1 above.   The real impact of uncertainty is shown by the sample standard deviation of 
that difference, as given in Table 6-2. 

Table 6-2 Cost Impact of Spot Price Uncertainty 

  Ameren ComEd 
Total Cost with Spot Price Certainty 
($/MWh) 

Sample Mean $31.37  $31.29  

Total Cost with Uncertain Spot Prices 
($/MWh) 

Sample Mean $31.37  $31.29  
Sample Std. 
Deviation 

$0.09  $0.08  

Impact of Spot Price Uncertainty – Std. Deviation ($/MWh)  $0.09  $0.08 
Impact of Spot Price Uncertainty– Std. Deviation (Relative) 0.3% 0.3% 

By comparing Table 6-2 with Table 6-1, the analysis demonstrates that for the time period examined, spot 
price uncertainty is a much less significant risk factor than shaping.  Not only is it smaller numerically, it also 
represents a typical variation in prices – positive or negative – rather than an expected change in one 
direction.  A forward price immediately prior to the delivery month generally provides a good forecast of the 
average spot price for that month.   

The IPA’s procurement schedule makes it impossible to limit price risk to spot price uncertainty.  Uncertainty 
in this case is the difference between the average monthly spot price and the price of that month’s forward 
price at the end of the previous month.  In other words, even though the IPA has historically purchased its 
forward hedges in April or May for the full year beginning June 1, the estimation of the impact of “spot price 
uncertainty” ignores variation in the forward price between the purchase date and the beginning of each 
contract’s delivery month. This variation is considered to be part of the forward price risk factor.  Also, each 
month’s spot price uncertainty is assumed to be uncorrelated with every other month’s spot price. This seems 
reasonable because it implies medium- to long-term trends would have been detected in the forward market. 

6.5.2.3 Forward Price Uncertainty 

The representation of forward price uncertainty is explained in Appendix F.  The greatest impact of forward 
price uncertainty will be seen in an “all-spot” portfolio, that is, a portfolio with no forward hedges at all.  The 
spot price is assumed to fluctuate around the forward price as of the beginning of the month; in other word, 
accumulated variability in the forward price for each month also affects the spot price.  On the other hand, if a 
portfolio includes forward contracts, then from the point those forwards are purchased, that fraction of the 
portfolio will accumulate no more price variability. 

Table 6-3 presents the variability or uncertainty in the average cost of energy over the year for each utility, as 
represented by its standard deviation.  The uncertainty is shown with a one-year look-ahead, in other words, 
the possible error in a spring forecast of the coming year’s energy cost, and with a three-year look-ahead, 
appropriate to the IPA’s historical “laddering” of energy purchases over a three-year horizon.  The standard 
deviation metrics are also presented relative to the expected costs, to account for the cost differences both 
between regions and between 2014-2015 and 2016-2017 delivery years. 
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Table 6-3 Cost Impact of Forward Price Uncertainty 

Impact of Forward Price Uncertainty (Std. 
Deviation of All-Spot Cost) 

Ameren ComEd 

Over the Upcoming Year (Prompt Year), $/MWh  $6.65   $6.65  
Over the Upcoming Year (Prompt Year), Relative 20.3% 20.5% 
Over Three Years, $/MWh  $10.48   $10.08  
Over Three Years, Relative 28.9% 27.8% 

Forward price uncertainty can be mitigated, to some extent, by hedging.  The effectiveness of hedging 
depends on hedge laddering strategy. If load uncertainty is ignored, then the differences among the cost 
distributions associated with the different strategies should reflect only the impact of forward price 
uncertainty and the strategies’ effectiveness in mitigating it.   

The IPA evaluated eight different laddering strategies using a 3-year model.  All but three attempted to enter 
the delivery year 100% hedged.  The eight strategies, and their hedging targets, are: 

Table 6-4 Laddering Strategies 

 Cumulative Hedge Target 

Strategy Upcoming 
Year 

Upcoming 
Year + 1 

Upcoming 
Year + 2 

Base Case 75% 50% 25% 
Base Case with 100% Hedging 100% 50% 25% 
Flat Strategy 100% 66% 33% 
Back-Loaded 100% 20% 10% 
Front-Loaded 100% 90% 80% 
No First Year 100% 33% 0% 
Spot-Dominant 60% 30% 10% 
No Additional Hedges 0% 0% 0% 

The “no additional hedges” scenario demonstrates the impact of the current portfolio.  It only includes the 
hedges that the utilities already have in place, which increase the mean cost and reduce the cost variation – 
significantly so in the case of ComEd.   

Again the IPA simulated strategies with a 0.001 MW granularity in forward contracts, and assumed that the 
expected load forecast would be achieved.  Table 6-5 shows the different strategies’ effectiveness in 
mitigating forward price uncertainty, which is represented by the standard deviation of supply cost in 
$/MWh relative to the expected cost forecast.  The “All-spot” strategy is included as a basis for comparison. 

Table 6-5 Impact of Forward Price Uncertainty Under Various 3-year Strategies 

 

 

This price forecast was made on August 1, 2013 and it envisioned forward purchases April 15. The forecast is 
still exposed to some uncertainty in pricing, namely the uncertain price changes until April 15.  But, the 

Strategy Ameren ComEd 
Base Case  16.8% 10.9% 
Base Case with 100% Hedging 16.4% 10.9% 
Flat strategy  14.5% 9.9% 
Back loaded  19.8% 13.2% 
Front-loaded  9.8% 6.6% 
No First Year  20.1% 13.5% 
Spot-dominant  19.7% 12.9% 
No Additional Hedges 24.9% 15.8% 

All-spot 28.3% 27.8% 
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hedging strategies all reduce risk relative to full reliance on the spot market, as shown by the difference 
between their standard deviations and that of an “All-spot” strategy.   

The “no additional hedges” scenario in Table 6-5 demonstrates the impact of the current portfolio.  It only 
includes the hedges that the utilities already have in place for 2016-2017. Ameren has only the long-term 
renewable PPAs. ComEd’s portfolio for that year includes 450 MW of RSP contracts.  Table 6-5 indicates that 
there is significant benefit, in terms of price certainty, to additional hedging.  

For both utilities, it appears to be most effective to put hedges in place quickly (the Front-loaded strategies).  
Leaving some load unhedged, as in the Spot-dominant strategy, adversely affects pricing certainty.  The same 
effect is seen by comparing the Base Case strategy to the Base Case with 100% Hedging for Ameren. But it is 
quite muted since the additional hedging occurs in the last year, after much of the random evolution of 
forward prices has already occurred.  Note however that the purpose of leaving some load unhedged is to 
hedge against load uncertainty, which was recognized in these simulations but will be addressed in section 
6.5.2.4. 

Figure 6-1 and Figure 6-2 illustrate the simulated probability distributions (frequency distributions) of the 
cost of a hedged strategy and compare with the costs of All-spot procurement.  The out-of-market (higher 
priced than the forward curve) legacy hedges make the all-spot strategy less costly. But what are important to 
note is its greater risk and uncertainty (wider distribution, flatter peak) and higher maximum cost despite its 
lower average cost (the effect is particularly pronounced in Figure 6-3).  That risk is the impact of forward 
price uncertainty.  The hedged distributions are shifted to the right. Again this is more pronounced in Figure 
6-3, which shows that hedging can serve to increase costs. In this case because the hedges that are already in 
place are now out-of-market. 

Figure 6-2 Impact of Forward Price Uncertainty Seen in the Frequency Distribution of Costs of Hedged 
and Unhedged Strategies, Ameren 
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Figure 6-3 Impact of Forward Price Uncertainty Seen in the Frequency Distribution of Costs of Hedged 
and Unhedged Strategies, ComEd 

 

6.5.2.4 Load Uncertainty 

As described in Appendix F, the three load scenarios provided by each utility are used as proxies for load 
uncertainty.  In a simulation of load uncertainty, the three scenarios are modeled as occurring with specific 
probability weights, such as 20% for a low or high scenario and 60% for an expected scenario.83  In addition, 
the simulation assumes that the “actual” load scenario is revealed gradually. That is, the forward strategy is 
implemented assuming each year that the load will be somewhere between the expected scenario and the 
simulated actual load. 

The metrics in Table 6-6 reflect the impact of load uncertainty.  It compares the results from using the base 
(75/50/25) strategy in the presence of load uncertainty, to the results from Table 6-5 in Section 6.5.2.3.  The 
Monte Carlo model, discussed in Section 6.5.2.3, was modified to use the expected load forecast in every 
iteration. 

Table 6-6 Impact of Load Uncertainty as Seen in the Total Cost of the Base Strategies 

Scenario Statistic of Total Cost 
in $/MWh 

Ameren ComEd 

Load Always Equals 
Expected Forecast 

Sample Mean  $36.44   $37.13  
Relative Std. Deviation 16.8% 10.9% 

With Load Uncertainty Sample Mean  $38.02   $38.09  
Relative Std. Deviation 18.2% 11.8% 

Impact of Load 
Uncertainty 

Relative Increase in 
Expected Cost 

4.3% 2.6% 

Relative Std. Deviation 
of Cost Difference 

20.2% 12.6% 

The last row in Table 6-6 is the standard deviation of the difference in cost with and without load uncertainty 
(with identical draws for the other random variables in the simulation), relative to the mean cost including 
load uncertainty.  Load uncertainty is more significant with the Ameren forecast, probably because Ameren’s 

                                                                    

83 20% and 60% are purely illustrative values.  The computation of the probability weights is described in the last paragraph of Section 
3.5.2, and note 70. 
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high and low load scenarios are more extreme.  But in either case it is clear that load variability increases cost 
risk both in the sense of absolute cost and of uncertainty. 

6.5.2.5 Comparison of Hedging Strategies 

As a guide to the selection of a hedging strategy, the IPA simulated the effects of multiple hedging strategies, 
described in Section 6.5.2.3, including all uncertainties.  These simulations also assumed that the IPA would 
hedge in multiples of 25 MW; slightly more granular than the 50 MW hedges it has historically used.  The 
results of this analysis are in Figure 6-4 and Figure 6-5.  There is one figure for each utility illustrating the 
range of possible cost outcomes, as a two-headed arrow from the 10th percentile to the 90th.  The horizontal 
lines indicated the expected cost.  The widths are quite similar, and for Ameren they are very significant. 

The IPA also simulated an all-spot strategy.  Under this strategy, the IPA and utilities would not use any 
hedges.  For ComEd, this strategy appears almost twice as risky as the hedged strategies, as represented by 
the wider cost distribution. All-spot is also riskier for Ameren than any of the hedging strategies although the 
difference is less.  Note also that the costs of hedging strategies are slightly understated for this comparison, 
because they include only commodity costs and not transaction costs or the administrative costs of IPA 
procurements.  

Based on these graphs the front-loaded strategy appears the least risky.  It is quite an aggressive hedging 
strategy, though, and it may be premature to make such a switch until there is a better understanding of 
switching behavior.  The flat, base case and base case with 100% hedging strategies all appear to have similar 
risk-cost properties. 

Figure 6-4 Range of Costs for 2016-2017 Under Different Hedging Strategies, Ameren 
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Figure 6-5 Range of Costs for 2016-2017 Under Different Hedging Strategies, ComEd 

 

6.6 Prompt-Year Concerns 

There are a couple of issues specific to the first Plan year (the year for which this Plan represents the last 
opportunity to implement strategy), namely to address shaping risk and reduce value at risk (VAR) 
associated with Ameren’s out-of-market open long position. 

6.6.1 Addressing Shaping Risk 

According to Table 6-1, the load shape and its correlation with prices adds about 6% to the average cost of 
supplying energy to retail customers.  In other words, if the total load is 500 MWh, and the average hourly 
power price is $20/MWh, the product of load and average price is $10,000 but the actual cost of energy to 
serve load will be $10,600.  A 500 MWh hedge will cost $10,000.  If the average price rises to $30/MWh, the 
value of the hedge will rise to $15,000, a $5,000 increase. But the actual cost to serve load will rise to $15,900 
– an increase of $5,900 of which $900 is unhedged.  To actually hedge costs, one would have to buy 530 MWh 
of hedges – 106% of load.  Note that this would not really be a perfect hedge, as not all hourly prices move in 
proportion to the average. 

On the other hand, being “fully hedged” increases the exposure to load risk, and specifically to the risk that 
load reduction will be coupled with a fall in prices.  The load decrease leads to overhedging (some hedges are 
not offsetting energy purchases to meet load), while the price decrease creates a loss on the hedge portfolio.  
A reasonable tradeoff would be to complete the hedge later, when there is more certainty about load.  At least 
the short-term fluctuations in pricing will be hedged. 

The three-year model used to create Figure 6-4 and Figure 6-5 does not really provide good guidance on 
strategy for 2014-2015.  The great amount of change possible in macroeconomic and local market conditions 
over the next two years may overshadow the value of purchasing hedges in April for the following June-May.  
The IPA used additional simulations, limited to the delivery year 2014-2015.   

The IPA simulated the four strategies shown in Table 6-7.  Note that the model also simulates what the load 
forecast would be in April 2014 and in September 2014 for the “105/75” strategy.  The “105/75” illustrates 
overhedging to account for shaping costs; it is based on a 105% hedge rather than 106% simply because it is 
a “rounder” figure. 
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Table 6-7 Prompt-Year Strategies Tested 

Strategy Description 
50% Hedged Purchase 25 MW forward contracts on April 15 to get the forward 

peak and off-peak positions for each month as close as possible to 
50% of the forecast, without going over* 

75% Hedged Purchase 25 MW forward contracts on April 15 to get the forward 
peak and off-peak positions for each month as close as possible to 
75% of the forecast, without going over* 

100% Hedged Purchase 25 MW forward contracts on April 15 to get the forward 
peak and off-peak positions for each month as close as possible to 
100% of the forecast, without going over* 

105%/75% 
Hedged 

Purchase 25 MW forward contracts on April 15 to get the forward 
peak and off-peak positions for June-October as close as possible to 
105% of the forecast, and the positions for November-May as close 
as possible to 75%, without going over.  Purchase additional 25 
MW forward contracts on September 15 to get the forward peak 
and off-peak positions for November-May as close as possible to 
105% of the then-current forecast, without going over* 

* If a hedge position is already over the target, no purchases are made for that month and period, but excess hedges are not sold. 

Figure 6-6 and Figure 6-7 illustrate the range of simulated costs for these hedging strategies.  They are similar 
to Figure 6-4 and Figure 6-5, showing the range of possible cost outcomes for each strategy as a two-headed 
arrow from the 10th percentile to the 90th, with a horizontal line indicating the expected cost.  Because it can 
be difficult to visually distinguish the price levels, the arrowheads and mean lines are labeled with the 
corresponding cost values. 

Figure 6-6 Range of Costs for Prompt-Year Hedging Strategies, Ameren 
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Figure 6-7 Range of Costs for Prompt-Year Hedging Strategies, ComEd 

 

Based on Figure 6-6, the four hedging strategies are quite similar for Ameren.  The reason is that based on 
either its expected load forecast or its high load scenario, Ameren is already overhedged for 2014-2015 (see 
for example Figure 4-2) and would be making almost no purchases under any of the hedging strategies.  The 
same holds for the high load scenario.  

Figure 6-7 indicates that the “fully hedged” strategy (105/75) reduces ComEd’s price risk:  the 90th percentile 
Value at Risk (difference between 90th percentile and mean) decreases by about $0.26/MWh, or 0.026 
cents/kWh, relative to the 75%/50%/25% strategy.  This is not a large amount per customer:  according to 
data in the 2012 EIA form 826 database, a typical Commonwealth Edison customer uses about 700 
kWh/month so the VAR represents about 18 cents/month on a typical bill of $84 – small but not insignificant.  
But over the expected load forecast as a whole, the VAR reduction is $2.92 million. 

The caution against making decisions based on small differences between scenarios, found in the 
introductory paragraph of Section 6.5.2, is not as applicable to prompt-year strategy as to three-year strategy. 
Purchases in April 2014 will have the benefit of a much reduced level of uncertainty in switching estimates 
for the delivery year, and of greater confidence in the general trend of market prices.  In general, therefore, 
there is less potential for error in the estimation of probability distributions.  

6.6.2 Hedge Rebalancing Through Sales 

The previous section referred to Figure 4-2 as showing Ameren’s currently over hedged position for 2014-
2015.   Table 7-4 in Chapter 7 demonstrates in greater detail that Ameren will be over hedged in each month 
from September 2014 through May 2015, even relative to 106% of the expected load.   

The “fully hedged” (105/75) strategy includes two possible procurement events, in April and September.  
Expanding those events to include the sale as well as purchase of 25 MW contracts, if load forecasts made for 
those events are sufficiently low, would reduce the value at risk from loss of load. Figure 6-8 is a revision of 
Figure 6-6 to include a version of the 105/75 strategy in which sales is allowed.  There is a very slight 
improvement in expected cost but it appears that this strategy has the lowest risk of unexpected cost 
increases.  Along with the $0.06/MWh reduction in the expected cost, the 90th percentile VAR improves by 
$0.30/MWh relative to the 105/75 strategy with no sales. In an actual sale, the improvement may be reduced 
significantly, due to the cost of selling and the bid-ask spread (the model ignores the cost of selling and 
assumes sales at the mid-mark, that is the average of the bid and the ask prices, while buyers may only offer 
the bid price or less). 
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Figure 6-8 Range of Costs for Prompt-Year Hedging Strategies (Including Forward Rebalancing 
Strategy), Ameren 

 

6.7 The Risks of Spot Markets and Full Requirements Supply 

The current supply portfolios of Ameren and ComEd, by chosen strategy/portfolio design, do not perfectly 
hedge their load, primarily due to load uncertainty, the mismatch of demand and hedge profiles, and the 
correlation between price and load, as explained in Section 6.1.2.7. Currently the utilities’ supply customers 
absorb the residual risk resulting from the utilities’ portfolio design. In other words, customers self-insure the 
residual risk. The effect of this risk becomes apparent in the application of the PEA discussed above. (ComEd 
mitigates this impact by voluntarily limiting the PEA to ±0.5 cents per kWh each month.) On the other hand, if 
the goal of the supply strategy/portfolio design were to provide customers power at a fixed flat price over a 
multi-month period (one to three years) similar to ARES products offered directly or through municipal 
aggregation, a full requirements product may be a reasonable alternative.  Full requirements contracts 
provide a form of insurance by outsourcing supply risk to a third party.   Full requirements solicitations are 
used in several jurisdictions as a source of supply for “default service” load.  There are several different 
justifications brought forth for the use of full requirements procurement: 

 Full requirements procurement provides customers price insurance.  One function of a competitive 
retail supplier is to provide price certainty. This justification presumes a policy choice that the 
default provider should take on that role.  An alternative policy choice is to have price insurance be 
provided only to ARES customers, by ARES.  The policy choice should also be informed by a judgment 
of a reasonable level of the insurance premium, as some customers may prefer to forego such 
insurance.  This Section provides some guidance into the price premium one can expect to pay for 
such insurance, as well as the effectiveness of that insurance in removing price uncertainty, to 
facilitate discussion and form an opinion as to whether customers would perceive the insurance as 
valuable enough to justify the premium.  The estimates in this Section are only illustrative and are 
compared with estimates of the level of uncertainty in prices. 

 Full requirements supply more appropriately represents the Price to Compare, since it includes a 
valuation of the uncertainty in actual pricing.  Again, one must determine whether the improvement 
is worth the premium. 

 Full requirements pricing avoids the potential for utilities to accumulate high balances (credit or 
debit) to be amortized by Purchased Energy Adjustments.  These balances when they have been a 
debit have been most significant for ComEd.  Because ComEd voluntarily limits the size of the 
monthly PEA to plus or minus half a cent per kilowatt-hour, it is susceptible to accumulate large 
uncollected balances.  The uncollected balances are arguably a form of price insurance that is 
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voluntarily underwritten (without a carrying charge) by the utility. The choice to buy full 
requirements should not depend on the absolute magnitude of that price premium but rather on 
whether that price premium is comparable to the value that consumers would perceive they obtain 
by mitigating the uncertainty around the price.  That uncertainty is represented by the width of the 
price distributions in Section 6.5.  One of those distributions represents an all-spot portfolio, the 
opposite end of the spectrum from full requirements.  There is no obvious formula for converting the 
statistics of the cost distributions into dollar measures of value. That depends entirely on customers’ 
risk preferences. Presumably, an informed utility supply customer who values price certainty would 
choose to take service from an ARES who offers a fixed price directly or through a comparable 
municipal aggregation plan.   

 In any assessment of full requirements strategies compared to past IPA procurements, the IPA notes 
that through June 2013, Ameren and ComEd’s portfolios partially consisted of out of the market swap 
contracts, (entered into per the 2007 settlement as memorialized in Section 16-111.5(k) of the 
PUA84). In contrast, the supply currently under contract in the utility portfolios (which does not 
properly hedge the upcoming delivery years and thus must be supplemented per this Plan) is mostly 
of more recent vintage and is closer to market prices. Any plan to fully or partially implement full 
requirements procurement would have to address the effect and treatment of the current contract 
positions in the utilities’ supply portfolios.  

6.7.1 Experience in Other Jurisdictions 

In 2006, Ameren and ComEd conducted a solicitation for full requirements contracts using a “descending 
clock” auction. The full requirements bids that cleared the auction had higher prices than many stakeholders 
and policymakers expected, and significantly increased retail rates.85  State policymakers decided that those 
prices did not adequately reflect customers’ risk preferences.  Given Illinois’ history, as part of considering 
procurement of full requirements products, it is reasonable to consider whether they have been successful 
elsewhere. 

Since August 2002, New Jersey utilities have supplied the “default” electric load of residential and small 
commercial customers using full requirements tranche contracts.  “Default” load means the load of customers 
who have not switched to non-utility suppliers, what is called “eligible retail load” in Illinois.  The contracts 
are procured using an annual “descending clock” auction, held the previous February.  The tranche auctions 
are used to procure a ladder of 3-year fixed price contracts. The tariffed power price is the average of the 
prices of the three contracts that overlap a given year.  The New Jersey auctions are well established and 
appear successful. 

                                                                    

84 See 220 ILCS 5/16-111.5(k). 
85 The IPA does not wish to fully detail the story of the 2006 auction and subsequent legal and political action; suffice to say that 
policymakers decided the results were unacceptable and adopted a number of legislative solutions including the formation of the IPA. 
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Figure 6-9 Price History for PSEG Full Requirements Contracts 

 

Figure 6-9 shows the pricing that one of the New Jersey utilities has obtained from the auction for 3-year full-
requirements contracts.  It also shows the pricing of a “spot strip”, that is, the average spot price in the PSEG 
load zone over the same period (not a load-weighted average; the above shaping analysis indicates load-
weighting would increase the average by about 6%).  The figure shows that, beginning in 2006, full-
requirements prices have been well above the average spot price.  The third line in that figure displays the 
average spot price over just the first year of the full-requirements contracts.  While it is quite likely that a 
significant amount of the increase in full requirements prices relative to realized LMPs may be due to changes 
in forward markets, suppliers still appear to have recalibrated their own views of full requirements risk 
beginning in 2006. 

Utilities in Maryland, Delaware, and the District of Columbia have used a similar approach for purchasing 
electricity supply on behalf of their Standard Offer Service customers, for the last seven years.  They have 
separate procurements for full requirements tranche contracts, and have employed several laddering 
schemes and combinations of contract terms over that time. State and District regulators oversee the 
auctions.  Maryland has formalized a process by which a procurement monitor determines in advance a 
“Price Anomaly Threshold” used to eliminate bids from consideration.  The operation of the Price Anomaly 
Threshold could result in utility demand being unfilled, so a series of auctions are scheduled to meet residual 
need. 

Utilities in Massachusetts and Rhode Island also procure full requirements contracts for their default service 
via an RFP process. 

Ohio presents a case with some relevance to Illinois.  Ohio deregulated its electricity market in 2001, opening 
its door to competitive electric suppliers.  Significant customer switching occurred in FirstEnergy’s territory, 
primarily through municipal aggregation, during the early years of the deregulation (see Figure 6-10).  By 
December 2004, residential switching was 69% in Cleveland Electric’s service area and 48% in Toledo 
Edison’s service area. However, switching was very limited in AEP’s and DP&L’s service areas, where 
electricity prices were low relative to those in FirstEnergy’s territory. The number of competitive electric 
suppliers, as well as the market activity, remained pretty limited statewide.  Much of the switching came 
through municipal aggregation. 

The State was supposed to transition in 2006 to rates reflective of contemporaneous energy market prices, 
but Ohio’s Public Utility Commission (“PUCO”) was concerned that an immediate shift to market based rates 
would expose customers to rate hikes.  Therefore, the PUCO developed rate stabilization plans (“RSPs”) in 
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order to hedge Ohio’s customers against market uncertainty.  The RSPs had the effect of holding electricity 
prices below market levels for several years, from 2006 to the end of 2008 for most Ohio customers.  In this 
context, FirstEnergy conducted a “reverse auction” procurement of full requirements tranche products to 
verify if rates lower than those agreed in the RSPs could be obtained.  The PUCO’s consultant estimated a 
100% probability that the RSP rates would be cheaper.  Therefore, the PUCO rejected the results of the 
auction. 

The implementation of the RSPs resulted in customers switching back to the utilities services as competitive 
providers could not beat or even match the utilities’ pricing.  In December 2006, residential switching was 
only 8% in Cleveland Electric’s service area and 11% in Toledo Edison’s service area, down from 69% and 
48% two years earlier.  This demonstrates that customers will return to utility service when they perceive a 
price advantage in doing so. 

With the expiration of the RSPs in 2009, utility prices became less attractive relative to those of alternative 
suppliers.  This had the predictable effect of significantly increasing customer switching, as demonstrated in 
Figure 6-10.  Customer switching levels are currently greater than the peaks observed in 2004. This 
emphasizes the need for a sound energy procurement strategy from the utilities.  The three First Energy 
utilities did begin soliciting full requirements products and have successfully used them to supply their non-
switching customers.    

Figure 6-10 Number of Ohio Customers Switching to Competitive Providers86 

 

Utilities in other states have successfully used full requirements contracts to meet retail load.  The example of 
Ohio even shows that a regulator and the public can become comfortable with obtaining full requirements 
supply through auction after having initially rejected the concept.  Figure 6-10 shows that customers will 
respond to their perceptions of the difference between utility bundled service and alternative suppliers 
(whether the utility supply comes from full-requirements contracts or a portfolio of block contracts).  
However, the price history in New Jersey provides a cautionary example that full-requirements pricing can 
change abruptly with suppliers’ perceptions of risk. 

It should be noted that the full requirements contracts described above are different from full requirements 
energy hedges.  The products discussed above include ancillary services and capacity as well as transmission 
to the load center. A full requirements energy hedge, on the other hand, protects the utilities’ customers only 
from exposure to the volatility of RTO spot energy prices but does not include ancillary services or capacity. 

                                                                    

86 Source: EIA Form 861. 
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6.7.2 Cost and Risk of Full Requirements Contracting 

The price of a full-requirements energy hedge should be based on the cost and risk incurred by a provider of 
that hedge.  To investigate that, and in particular to see how that price compared to the costs of other 
procurement strategies, and the value of risk avoidance, the IPA simulated the development of a full 
requirements portfolio using its Monte Carlo model.  The simulation was almost identical to the simulation of 
the various hedge portfolios in Section 6.5.2.5.  The IPA simulated full-requirements contracts of two different 
durations: 

 A one-year contract, in which the hedge would be effective from June to May under a price that was 
set six weeks before delivery began (in mid-April).  The IPA simulated hedging to 50%, 75% and 
100% of the expected load forecast, as well as a totally unhedged position (all-spot). 

 The third year of a three-year contract, so that the hedge supplier could have been laddering its own 
hedge portfolio for three years. The IPA simulated the hedge laddering strategies summarized in 
Table 6-4, as well as a totally unhedged position (all-spot).  The only real difference between this 
simulation and the simulations in Section 6.5.2.5 is that the full requirements supplier is assumed to 
start from scratch, with no existing hedge portfolio, and that it is assumed to hedge itself with 5 MW 
fixed-price contracts (representing futures). 

The IPA went on to estimate the price of a full-requirements hedge.  Essentially that means the IPA had to 
estimate the premium that would be charged to insure against the identified price uncertainty.  Some 
suppliers might be able to provide such insurance from an offsetting position – for example, a supplier with a 
number of municipal aggregation contracts may have a position that offsets the utility’s switching risk.  In 
general, though, one cannot assume such an offsetting position. 

IPA employed a heuristic approach to develop illustrative premiums.  IPA assumed that a supplier would hold 
capital to cover a prescribed level of risk.  It is assumed the hedge provider holds working capital equal to its 
“95th percentile VAR”, which equals the amount by the 95th percentile of the unit cost distribution exceeds the 
expected unit cost.87  The supplier must pay a return on that capital, and that return is an estimate of the 
required insurance premium.  As this is a preliminary estimate, used to inform the Agency and the ICC of the 
approximate cost of full requirements hedges, the return assumption for the third year of a three-year 
contract is 30% (about 10% per annum). 

The 10% figure is an approximate level of return.  Illinois utilities’ rate of return on equity for participating 
electric utilities (as defined under the Energy Infrastructure Modernization Act) is set at a one-year average 
the monthly 30-year Treasury bill rate, which for the year ending July 31, 2013 was 3.06%88 plus 580 basis 
points.  That would imply a rate of just under 9% per annum.  However, an investment in a deregulated full-
requirements provider is considerably more risky than one in a regulated distributed utility, and furthermore 
rates are expected to rise; therefore the Agency used the round figure of 10% for its analysis.   

Therefore, the cost of any strategy to supply the third year of a full requirements contract is: 

Mean unit cost + 0.30 * 95th percentile VAR 

For a 1-year full requirements contract the formula would be similar but with 10% rather than 30%. 

The estimated market price of a full requirements contract is the minimum supply cost over all strategies.  
The full-requirements supplier would be expected to choose the least expensive supply strategy.  In other 
words, it is estimated that the full-requirements supplier’s cost (including its risk premium) would be the 
lowest “supply cost” over all tested strategies.  The IPA’s goal in designing a full requirements procurement 
would be to allow suppliers as little additional profit as possible over the risk premium, and therefore it is 

                                                                    

87 The 95th percentile cost is the value V such that the probability that the unit cost is less than or equal to V equals 0.95.   
88 220 ILCS 5/16-108.5(c)(3); rates are computed from http://www.federalreserve.gov/datadownload/Output.aspx? 
rel=H15&series=42ebb0d7e12040e88e235393ae1148e6&lastObs=&from=&to=&filetype=csv&label=include&layout=seriescolumn. 
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appropriate to use the minimum supplier cost as a forecast of the full requirements hedge price.   The results 
of the simulation are presented in the following subsections. 

This estimate of full requirements market price should not be compared directly with the range of supply 
costs for strategies not involving full requirements supply, such as are displayed in Section 6.5.2.5.  It is an 
estimate of the cost of serving full requirements load assuming the load was fully unhedged as of the date of 
the forecast.  To properly compare it with the projected cost of the IPA’s procurement strategy, the loss (or 
gain) that will be realized from the utilities’ current portfolios of hedge contracts must be added.  The 
relevant statistics of those losses or gains (per MWh) are in Table 6-10 and Table 6-13. 

6.7.2.1 Estimated Cost of Full Requirements Supply for Ameren 

Table 6-8 Full Requirements Supply Costs for a 1-Year Contract, Ameren (Without Existing Hedges) 

 Cost ($/MWh) $/MWh 

Strategy Mean Standard 
Deviation 

95th 
Percentile 

Supply Cost 

100% Hedged Each Month $     32.68  $     5.84  $     42.32   $     33.64  
75% Hedged Each Month $     32.69  $     6.04  $     43.09   $     33.73  
50% Hedged Each Month $     32.70  $     6.27  $     43.67   $     33.80  
All-Spot $     32.72  $     6.82  $     44.78   $     33.93  

Estimated Cost of a Full-Requirements Hedge (Cost of Least 
Expensive Supply Strategy) 

$     33.64 

  

Table 6-9 Full Requirements Supply Costs for the Third Year of a 3-year Contract, Ameren (Without 
Existing Hedges) 

 Cost ($/MWh) $/MWh 

Strategy Mean Standard 
Deviation 

95th 
Percentile 

Supply Cost 

Base Strategy  $     36.25   $     6.57   $     48.16   $     39.82  
Base Case with 100% Hedging  $     36.22   $     6.12   $     47.02   $     39.46  
Flat Strategy   $     36.23   $     7.90   $     50.59   $     40.54  
Back Loaded   $     36.13   $     6.60   $     47.90   $     39.66  
Front Loaded  $     36.22   $     8.08   $     50.77   $     40.58  
No First Year  $     36.23   $     7.77   $     50.37   $     40.47  
Spot-Dominant  $     36.24   $     6.50   $     48.04   $     39.78  
All-Spot  $     36.16   $   10.04   $     54.29   $     41.60  

Estimated Cost of a Full-Requirements Hedge (Cost of Least 
Expensive Supply Strategy) 

 $     39.46 

 

Table 6-10 Potential Loss / (Gain) on Current Ameren Hedge Portfolio 

 (Gain) / Loss ($/MWh) 

Delivery Year Expected Loss  10th Percentile   90th Percentile  

2014-2015 $3.69 ($6.74) $13.74 
2016-2017 $1.92 ($1.08) $8.18 

Figure 6-11 compares the cost of full requirements contracts for 2016-2017, including hedging gains or 
losses, with the Ameren hedging strategies shown in Figure 6-4.  Like that figure, it shows the expected 
$/MWh cost of each along with 10th and 90th percentiles.  The full requirements strategy appears to have a 
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definite cost premium, although it does eliminate much of the uncertainty in customer costs.  (The expected 
cost in Figure 6-11 includes both the full requirements hedge cost from Table 6-9 and the expected hedging 
loss from Table 6-10.)  It also remains to be seen whether bidders will be willing to bid the prices estimated 
above. 

On the other hand, Figure 6-12 considers the cost of full-requirements contracts for Ameren’s 2014-2015 
delivery year.  It compares them with three hedging strategies:  (1) no additional hedges beyond the utilities’ 
current portfolio; (2) conducting a hedge procurement in April, 2014, aimed at hedging up to 75% of the 
then-forecast load; (3) conducting a hedge procurement in April, 2014, aimed at hedging all the then-forecast 
load.  In this case the full-requirements contract, with the assumptions above about pricing, contributes to 
retail delivery at a much smaller premium, but with a very great range of uncertainty (from the 
“grandfathered” hedge losses). 

Figure 6-11 Full Requirements Strategy (including existing hedging gains or losses) compared with 
Conventional Hedging Strategies for 2016-2017, Ameren 
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Figure 6-12 Full Requirements Strategy (Including Existing Hedging Gains or Losses) Compared with 
Conventional Hedging Strategies for 2014-2015, Ameren 

 

Figure 6-11 and Figure 6-12 indicated an uncertainty band around the cost of full requirements supply, 
despite the fact that it is an insurance product.  That is because this is the cost to customers, who would have 
to bear the losses (or gains) of the current hedge portfolio.  IPA also simulated the price of full requirements 
supply assuming that the financial impacts of the existing contracts (or the contracts themselves) were 
allocated to full requirements suppliers pro rata.89  The cost to customers turned out to be about the same as 
the expected cost under the first analysis, but with no variability.   

6.7.2.2 Estimated Cost of Full Requirements Supply, for ComEd 

Table 6-11 Full Requirements Supply Costs for a 1-Year Contract, ComEd (Without Existing Hedges) 

 Cost ($/MWh) $/MWh 

Strategy Mean Standard 
Deviation 

95th 
Percentile 

Supply 
Cost 

100% Hedged Each Month $     32.58 $     5.78 $     42.42 $     33.57 
75% Hedged Each Month $     32.58 $     5.95 $     42.77 $     33.60 
50% Hedged Each Month $     32.58 $     6.14 $     43.15 $     33.64 
All-Spot $     32.58 $     6.60 $     43.77 $     33.70 
Estimated Cost of a Full-Requirements Hedge (Cost of Least 
Expensive Supply Strategy) 

$     33.57 

                                                                    

89 This type of allocation may not be possible.  The contracts themselves may not be allocable, and if the utilities were to retain the 
contracts but not the associated load obligation there could be adverse accounting implications. 
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Table 6-12 Full Requirements Supply Costs for the Third Year of a 3-Year Contract, ComEd (Without 
Existing Hedges) 

 Cost ($/MWh) $/MWh 

Strategy Mean Standard 
Deviation 

95th 
Percentile 

Supply 
cost 

Base Strategy  $     35.62  $       1.75 $         38.56 $     39.71 
Base Case with 100% Hedging  $     35.62  $       1.93 $         38.89 $     38.80 
Flat Strategy   $     35.62  $       1.96 $         38.87 $     39.84 
Back Loaded   $     35.62  $       1.91 $         38.82 $     37.75 
Front Loaded  $     35.62  $       1.90 $         38.77 $     39.89 
No First Year  $     35.62  $       2.00 $         38.94 $     39.77 
Spot-dominant  $     35.62  $       1.65 $         38.37 $     39.09 
All-spot  $     35.61  $       1.93 $         38.81 $     40.72 
Estimated Cost of a Full-Requirements Hedge (Cost of Least 
Expensive Supply Strategy) 

$     37.75 

 

Table 6-13 Potential Loss / (Gain) on Current ComEd Hedge Portfolio 

 (Gain) / Loss ($/MWh) 

Delivery Year Expected Loss  10th Percentile   90th Percentile  

2014-2015 $2.19 ($1.32) $6.01 
2016-2017 $1.86 ($4.52) $7.79 

Figure 6-13 compares the cost of full requirements energy contracts for 2016-2017, including hedging gains 
or losses, with the ComEd hedging strategies shown in Figure 6-5.  Like that figure, it shows the expected 
$/MWh cost of each along with 10th and 90th percentiles.  The full requirements strategy again has a price 
premium over the traditional hedging strategy, and comparable price risk.  (The expected cost in Figure 6-13 
includes both the full requirements hedge cost from Table 6-12 and the expected hedging loss from Table 
6-13.) 

Figure 6-14 considers the cost of full-requirements energy contracts for ComEd’s 2014-2015 delivery year.  It 
compares them with three hedging strategies:  (1) no additional hedges beyond the utilities’ current portfolio; 
(2) conducting a hedge procurement in April, 2014, aimed at hedging up to 75% of the then-forecast load; (3) 
conducting a hedge procurement in April, 2014, aimed at hedging all the then-forecast load.  In this case, the 
full-requirements energy contract does reduce ratepayer risk, but again at a price premium. 


