
Partnership Pro.iects a - 
Southern Access 

In conjunction with Enbridge, we announced in 2005 the approval of the 400,000 Bpd Southern 
Access expansion project, which received endorsement from CAPP, a trade association that represents a 
large majority of the Lakehead system’s customers. We are undertaking the U.S. portion of the expansion 
on our Lakehead system and the first stage will add approximately 44,000 Bpd of capacity in 2007 and up 
to an additional 146,000 Bpd by early 2008. The project includes a new pipeline between Superior and 
Delavan, Wisconsin, along with pump station enhancements upstream and downstream of this segment. 
The second stage of the expansion project will provide additional upstream pumping capacity and a new 
pipeline from Delavan to Flanagan, Illinois, with completion expected in early 2009. Completion of the 
total Southern Access expansion project will create a 454-mile pipeline with approximately 400,000 Bpd of 
incremental capacity on our Lakehead system. 

On March 16, 2006, the FERC approved an Offer of Settlement with respect to tariff principles for 
the Southern Access expansion, which were negotiated with CAF’P. In July 2006, we obtained support from 
shippers and CAPP to increase the diameter of the new pipeline segments of the project from 36 inches, to 
which the previously negotiated tariff principles apply, up to 42 inches. The incremental capital cost of the 
larger diameter pipe is currently estimated at approximately $157 million, bringing our total estimated 
costs to approximately $1.3 billion. The larger diameter will not provide increased capacity in the near term 
but does increase the ultimate capacity of the line from 800,000 Bpd to 1,200,000 Bpd with expenditures 
for additional pumping equipment. This places us in a favorable position to secure future expansion 
opportunities for our Lakehead system. We will defer any return on the incremental capital until the 
additional capacity is required by shippers (see discussion of Alberta Clipper project below). In the 
interim, shippers will absorb all the incremental operating costs of the larger diameter line but will benefit 
from reduced power costs at higher throughput levels. Delivew of line pipe to the right of way has 
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commenced to ensure full completion in early 2009. a - 
Alberta Clipper 

Based on forecasts of oil sands production growth prepared by Enbridge, as well as forecasts by 
CAPP, we believe that there will be a need for additional export pipeline capacity out of Western Canada 
over and above projects which have already received shipper support. Based on this analysis, as well as 
interest expressed by shippers, we and Enbridge are planning to develop the Alberta Clipper project. This 
project will involve construction of a 36-inch diameter heavy crude line from Hardisty, Alberta to Superior, 
Wisconsin in conjunction with additional pumping power applied to the Southern Access 42-inch pipe 
from Superior to Flanagan. We anticipate that our share of the cost of this project, as currently proposed, 
will approximate $0.8 billion in 2006 dollars, excluding both capitalized interest and the approximate cost 
of $157 million to “prebuild Southern Access to 42 inches as discussed above. 

Alberta Clipper was originally planned to he a contract carrier pipeline based on interest expressed by 
selected shippers in providing throughput commitments in return for assured access to capacity. Based on 
discussions with a broader group of shippers the preference is for Alberta Clipper to be a common carrier 
line fully integrated with the EnbridgeLakehead mainline systems for tolling purposes. Enbridge 
anticipates finalizing commercial terms of the Alberta Clipper project with CAPP during the first quarter 
of 2007. To maintain the project construction schedule, CAPP has agreed to backstop initial capital costs 
of the Alberta Clipper project. Initial capital costs will include long-lead time items such as pipe, pumping 
equipment and rights of way. In the unlikely event the Alberta Clipper project does not proceed, CAPP 
will support the collection of the initial capital costs through the Partnership’s normal FERC rate setting 
process. Alberta Clipper is expected to he in service between late 2009 and mid-2010. 
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North Dakota 

Work is nroceedine on our nreviouslv announced x th  Dakota svstem exnansion. Three critic: 
L 

hydrostatic pressure tests have been successfully completed and the North Dakota Public Service 
Commission approvals have been obtained for all phases of the project. The expansion will add 
approximately 30,000 Bpd of mainhe throughput capacity and expand the system's feeder segment by 
approximately 30,000 Bpd at an estimated cost of $70 million. The expansion is supported by increasing 
crude oil production from the Williston Basin in Montana and North Dakota and is expected to be 
completed in phases throughout 2007, with the final completion dates scheduled in the fourth quarter 
of 2007. 

Superior and Griffith Storage 

Due to forecasted production increases of synthetic heavy crude oil that we anticipate will be 
transported on the Enbridgekkehead mainline systems from Western Canada to Chicago, we are 
constructing additional crude oil storage tanks at Superior and Griffith to accommodate the anticipated 
volumes. We are building two tanks with an approximate capacity of 360,000 barrels each that are 
scheduled for completion in the first half of 2007, and two additional tanks each with an approximate 
capacity of 250,000 barrels each to be completed in the first half of 2008. 

Cushing Terminal Storage 

We continue to experience strong interest from customers in securing access to long-term contract 
storage capacity at our Cushing, Oklahoma terminal. During 2006, we obtained commitments and initiated 
construction of an additional 5.0 million barrels of storage tanks, 1.1 million barrels of which were 
completed in late December 2006. The addition of the remaining 3.9 million barrels of capacity during 
2007, at an expected cost of $72 million, will bring our total terminal capacity to approximately 16.7 million 
barrels. This capacity will increase operational tankage available to support our Mid-Continent liquids 
pipeline systems, and available contract storage. 

Enbridee and Other Proiects 

Spearhead Reversal 

In another effort to provide shippers access to new markets, Enbridge acquired a pipeline that runs 
from Cushing to Chicago, Illinois. The pipeline, renamed Spearhead, began delivering Canadian crude oil 
to the major oil hub at Cushing in March 2006 and has ongoing capacity of approximately 125,000 Bpd. We 
have benefited from reversal of the pipeline due to Western Canadian crude oil being carried on our 
Lakehead system as far as Chicago, and then transferred to the Spearhead pipeline. 

Pegasus Reversal 

In April 2006, ExxonMobil completed the reversal of hvo of its crude oil pipelines allowing up to 
66,000 Bpd of Canadian crude oil to flow from the U.S. Midwest to the U S .  Gulf Coast. The combined 
reversed pipeline is linked to our Lakehead system at Chicago via the Mustang Pipe Line Partners system 
to Patoka, Illinois, The Mustang Pipe Line Partners system is 30 percent owned by an affdiate of Enbridge. 
ExxonMobil has firm commitments from Canadian shippers for an average of 50,000 Bpd of capacity on 
the lines from Patoka, to Nederlaud, Texas for the next five years. The connection of our Lakehead system 
with this new market supports increased throughput on our Lakehead system; however, the reversed 
ExxouMobil system is also capable of transporting Western Canadian crude oil moved via other competing 
pipelines into the Patoka market. 
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Southern Access Extension 

In Julv 2006. Enbridge announced that it received sunnort from shinners and CAPP for its 36-inch 
0 - L 1  

diameter Southern Access Extension pipeline from Flanagan, Illinois to Patoka, Illinois. The extension will 
broaden the reach of the Enbridgebakehead mainline system to incremental markets accessible from the 
Patoka hub. The project is scheduled for completion in the first quarter of 2009 and will be undertaken by 
Enbridge; however, we will benefit through incremental volumes moving through our Lakehead system to 
reach this extension. The Offer of Settlement filed in September 2006 was rejected by the FERC because 
of its rolled-in toll design. However, support for the project remains high and Enbridge is working with 
shippers to prepare an alternative tolling structure to  address the initial opposition. The second application 
is expected to be filed with the FERC in the first quarter of 2007 and will allow the project to proceed 
on schedule. 

Southern Lights 

During the third quarter of 2006, Enbridge completed a successful open season on its Southern Lights 
diluent pipeline from Chicago, Illinois to Edmonton, Alberta. The Southern Lights pipeline responds to 
interest from a number of western Canadian producers to increase the availability of crude oil diluent in 
Alberta. Diluent is required to transport the heavy oil and bitumen being produced in increasing volumes 
from the Alberta oil sands. The project involves the exchange of a 156-mile section of pipeline we own for 
a similar section of a new pipeline to be constructed as part of the project. We expect to benefit from 
increased heavy crude shipments, which will be facilitated by the diluent line. In addition, this project 
involves a reconfiguration of our light crude mainline system which will provide an additional 45,000 Bpd 
of effective capacity at no cost to us. This project is expected to be in service during 2010. 

U.S. Gulf CoastAccess 

Shippers have indicated interest to Enbridge in the development of additional pipeline capacity to 
transport Canadian crude oil to the U S .  Gulf Coast, including the potential for a direct line from Alberta 
to the US .  Gulf Coast. Enbridge is examining a number of alternatives to respond to this interest, 
including alternatives that would extend off our Lakehead system, utilizing either existing pipelines which 
could be connected and reversed, or newly constructed extensions. These alternatives would complement 
our Lakehead system and support its expansion. Enbridge has indicated that a direct line would require a 
minimum of 400,000 Bpd of throughput commitments to be economic, and could not be in service before 
201 1. A direct line, if developed by Enbridge or any other party, would compete with our Lakehead system. 

Eastern PADD IIAccess 

Enbridge has held discussions with several refiners in the eastern United States to gauge interest in 
supporting the development of a pipeline to provide incremental pipeline capacity to this market. The level 
of interest has increased significantly during the latter part of 2006. Enbridge is currently in discussions 
with interested parties to develop a pipeline to deliver at least 200,000 Bpd of incremental Canadian supply 
from the Chicago area to the eastern region of PADD 11. This project would be complementaiy to the 
Partnership’s mainline system. 

The Partnership and Enbridge believe that the Southern Access Expansion Program, the Alberta 
Clipper Project, and other initiatives to provide access to new markets in the Midwest, Mid-continent and 
Gulf Coast, offer flexible solutions to future transportation requirements of western Canadian crude oil 
producers, and the in-service timing of these solutions is in line with prospective shipper needs. 
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Natural Gas 

Our Natural Gas segment consists of natural gas gathering and transmission pipelines, as well as 
treating and processing plants and related facilities. Collectively, these systems include: 

approximately 11,000 miles of natural gas gathering and transmission pipelines including four 

nine natural gas treating plants; 

seventeen natural gas processing plants; and 

trucks, trailers and railcars used for transporting N G h ,  m d e  oil and carbon dioxide. 

The following tables set forth the operating results of our Natural Gas segment assets and average 

FERC-regulated transmission pipeline systems; 

daily volumes of our major systems in MMBtdd for the periods presented 

Operating revenues. ............................ 

Year Faded Derember31, 
2006 2005 2004 

(dollars in millions) 
$3,020.7 $2,352.1 $1,319.9 

~~- 

Cost of natural gas.. .................................... 2,601.1 2,018.7 1,031.8 
Operating and administrative ............................ 215.4 175.0 138.3 
Depreciation and amortization. .......................... 70.3 66.0 51.7 

Expenses .............................................. 2,886.8 2,241.6 1,221.8 
Operatingincome ...................................... $ 133.9 $ 110.5 $ 98.1 

Gain on sale of assets -0 - ................................... ~ 

_ _ _ ~ ~  

Average Daily Volume (MMBtoid) 
East Texas"' . ...... ....................... 
Anadarko. ...................... ................ 
North Texas ........................................ 
South Texas"'. ...................................... 
UTOS. ...... 

...................................... 
..................... 

KPC ............................................... 

Other Major Intrastates .............................. 
Total.. ....... ................................. 

..................... 

Yew Ended December31, 
to06 2005 2004 

1.019.000 860.000 676.000 . ,  
582,000 488;000 

- 33,000 
181,000 158,000 

41,000 59,000 
29,000 31,000 
88.000 29,000 

294,000 265,000 

109,000 i06,ooo 

357,000 
192,000 
40,000 

219,000 

62,000 
48,000 
25,000 

103,ono 

ISS;O00 186;000 1761000 
2,501,000 2,215,000 1,898,000 

(I) In December 2005, we sold the South Texas assets and a sour gas system in East Texas which had a 
combined average daily volume of approximately 55,000 MMBtuid. 

We recognize revenue upon delivery of natural gas and NGLs to customers, when services are 
rendered, pricing is determinable and collectibility is reasonably assured. We derive revenue in our Natural 
Gas segment from the following types of arrangements: 

Commodip based Arrangements. 

We use several types of contractual arrangements to derive revenues for our Natural Gas segment. 
These arrangements expose us to commodity price risk, which we substantially mitigate with offsetting 
physical purchases and sales and by the use of derivative financial instruments to hedge open positions. We 
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will continue to hedge a significant amount of our commodity price risk to support the stability of our cash 
flows. Refer to Item 7A. Quantitative and Qualitative Disclosures about Market Risk-Commodity Price 
Risk and Note 15 of our Consolidated Financial Statements beginning on page F-1 of this report for more 
information about our derivative activities. 

Our commodity-based arrangemen6 are categorized as follows: 

Percentage-of-Index ContracGUnder these contracts, we purchase raw natural gas at a 
negotiated discount to an agreed upon index price. We then resell the natural gas, generally for the 
index price, keeping the difference as our fee. 

Percentage-of-Proceeds Contracts-Under the terms of these contracts, we receive a negotiated 
percentage of the natural gas and NGLs we process in the form of residue natural gas, NGLs, 
condensate and sulfur, which we then sell at market prices and retain as our fee. 

Percentage-of-Liquids Contracts-Under these types of contracts, we receive a negotiated 
percentage of NGLs and condensate extracted from natural gas that requires processing, which we 
then sell at market prices and retain as our fee. This contract structure is similar to percentage-of- 
proceeds arrangements except that we only receive a percentage of the NGLs and condensate. 

Keep-Whole Contracts-Under these contracts, we gather or purchase raw natural gas from the 
producer for processing. A portion of the gathered or purchased natural gas is consumed during 
processing. We extract and retain the NGLs produced during processing for our own account, which 
we sell at market prices. In instances where we purchase raw gas at the wellhead, we also sell for our 
own account at market prices, the resulting residue gas. In those instances when we gather and 
process raw natural gas for the account of the producer, we must return to the producer residue gas 
with an energy content equivalent to the original raw natural gas we received as measured in British 
thermal units, or Btu. 

Under the terms of some of these contract structures, we retain a portion of the natural gas and NGLs 
as our fee in exchange for providing these producers with our services. In order to protect our unitholden 
from volatility in our cash flows that can result from fluctuations in commodity prices, we enter into 
derivative financial instruments to effectively fix the sales price of the natural gas and NGLs we anticipate 
receiving under thc terms of these contracts. As a result of entering into these derivative financial 
instruments, we have largely fixed the amount of cash that we will receive in the future when we sell the 
processed natural gas and NGLs, although the market price of these commodities will continue to fluctuate 
during that time. 

Fee-Based Arrangements: 

We also use fee-based contract arrangements for services provided by our natural gas assets. Under a 
fee-based contract, we receive a set fee for gathering, treating, processing and transporting raw natural gas 
and providing other similar services. These revenues correspond with the volumes and types of services 
provided and do not depend directly on commodity prices. Revenues of the Natural Gas segment that are 
derived from transmission services consist of reservation fees charged for transmission of natural gas on 
the FERC-regulated interstate natural gas transmission pipeline systems, while revenues from intrastate 
pipelines are generally derived from the bundled sales of natural gas and transmission services. Customers 
of our FERC-regulated natural gas pipeline systems typically pay a reservation fee each month to reserve 
capacity plus a nominal commodity charge based on actual transmission volumes. 

Year ended December 31, 2006 compared with year ended December 31, 2005 

Our Natural Gas segment contributed $133.9 million of operating income in 2006, an increase of $23.4 
million from the $110.5 million it contributed in 2005. The increase in operating income is primarily 
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attributable to favorable commodity prices which contributed to higher revenue generated by our 
processing assets in excess of the cost we incur for the natural gas used in processing. Additionally, 
operating income was higher due to volume increases on each of our three largest systems resulting from 
additional wellhead supply contracts and the expansion of our transportation and processing capacity. 
Partially offsetting the benefit provided by favorable volumes and commodity prices are expenses we 
recorded in 2006 of approximately $8.3 million for NGL purchases and transportation and fractionation 
charges that relate to prior years we had not previously recorded. Our 2006 volumes and operating results 
are exclusive of the volumes and operating results associated with our December 2005 sale of the South 
Texas assets and a sour gas system located on our East Texas system. 

Average daily volumes on our major natural gas systems were up approximately 13 percent in 2006, 
compared with 2005. Increases in our volumes for 2006 are attributable to our ongoing investments to 
expand the capacity of our systems and services. Our investments in the following projects that were 
completed during 2006 contributed to the increase in the average daily volumes and operating results on 
our major natural gas systems: 

The link between our North Texas and East Texas systems became fully operational during the 
third quarter of 2006, increasing the utilization of our 500 MMcf/d East Texas intrastate pipeline 
that we placed in service in June 2005; 

Construction of our 120 M M d d  Henderson natural gas processing facility on our East Texas 
system was completed at the end of the third quarter of 2006 and processed volumes of 
approximately 100 MMcffd; 

The expansion of our existing Zybach processing facility on our Anadarko system to a capacity of 
150 MMcfid of natural gas from an initial capacity of 105 MMcf/d to meet the continuing demands 
resulting from rapid development in the Anadarko basin; and 

Acquisition of an 80-mile pipeline in April 2006 that is complimentary to our existing East Texas 
system that provided approximately 75,000 MMBtdd of incremental volume. 

In addition to the investments we have made to expand our volumes in the areas served by our natural 
gas assets, the volume and revenue growth is also the result of additional wellhead supply contracts and 
robust drilling activity in the Anadarko basin, Bossier Trend and Barnett Shale. We expect increasing 
volumes on our major natural gas systems to result from our continuing investments to expand the capacity 
of our systems. 

Throughout a majority of 2006, we have experienced a favorable pricing environment with regard to 
our processing assets and our keep-whole processing. During 2006, NGL and crude oil prices remained 
high relative to natural gas prices which have declined from the high prices reached in late 2005. As a 
result of this favorable pricing environment, the revenue generated by our processing assets less the cost of 
natural gas used for processing was approximately $40 million greater than the amounts we realized in 
2005. This increase includes the contribution to operating income derived from our keep-whole processing 
of $60.3 million for the year ended December31, 2006, in excess of the $29.0 million generated in 2005 
under this contract structure. Due to the volatility associated with commodity prices, the revenue less cost 
of natural gas we derive from our processing activities in future periods could be adversely affected if the 
pricing environment becomes unfavorable, which can occur if the prices for NGLs substantially decline and 
the price of natural gas significantly increases. We attempt to hedge a majority of our mandatory 
processing to minimize the effects volatility in commodity prices can have on our processing activities. 

A portion of our Natural Gas segment is exposed to commodity price risks associated with the 
percentage of proceeds, percentage of liquids, and percentage of index contracts that we negotiate with 
producers. Under the terms of these contracts, we retain a portion of the natural gas and NGLs we process 
in exchange for providing these producers with our services. In order to protect our unitholders from the 
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volatility in cash flows that can result from fluctuations in commodity prices, we enter into derivative 
financial instruments to fix the sales price of the natural gas and NGLs we anticipate receiving under the 
terms of these contracts. We target to have approximately 70 to 80 percent of our anticipated near-term 
exposure to commodity prices hedged using derivative financial instruments. As a result of entering into 
these derivative financial instruments, we have largely fixed the amount of cash that we will pay for natural 
gas and receive in the future when we sell the processed natural gas and NGLs, although the market price 
of these commodities will continue to fluctuate during that time. Another significant portion of the 
revenue we receive is derived from fees charged for gathering and treating of natural gas volumes and 
other related senices which are not directly dependent on commodity prices. 

Operating income of our Natural Gas segment for the year ended December 31, 2006 includes 
unrealized non-cash, mark-to-market net losses of $0.1 million, including $1.9 million of losses resulting 
from ineffectiveness of our cash flow hedges and $1.8 million of gains derived from our derivative financial 
instruments that do not qualify for hedge accounting treatment under SFAS No. 133. In 2005, our 
operating income was reduced by $8.1 million of unrealized, non-cash, mark-to-market net losses that we 
incurred, primarily from derivative financial instruments that do not qualify for hedge accounting 
treatment under SFAS No. 133. The decline in our unrealized derivative fair value losses in 2006 is largely 
due to a decline in the current and forward prices of natural gas and NGLs during 2006 from the high 
levels reached in 2005 due to hurricanes Rita and Katrina that caused supply disruptions in the Gulf of 
Mexico resulting in a volatile pricing environment. Additionally, our unrealized derivative fair value losses 
in 2006 are lower due to our settlement in December 2005 for $16.3 million of natural gas collars on 2,000 
MMBtuid of natural gas through 2011 that did not qualify for hedge accounting treatment under SFAS 
No. 133. The settlement of these natural gas collars reduces the quantity of derivatives outstanding that do 
not qualify for hedge accounting treatment in our Natural Gas segment, effectively reducing the unrealized 
mark-to-market adjustments resulting from these derivatives in periods following settlement (refer also to 
Item 7A. Quantitative and Qualitative Disclosures about Market Risk--Commodity Price Risk and Note 
15 of our Consolidated Financial Statements beginning on page F-l of this report for more information 
about our derivative activities). 

Operating and administrative costs of our Natural Gas segment were $215.4 million, or 23 percent, 
greater for 2006 than 2005, primarily as a result of increased workforce related costs, maintenance 
activities and other costs that are mostly variable with volumes. Workforce related costs have increased 
due to the additional resources and related benefit costs we are charged for the operational, 
administrative, regulatory and compliance support necessary for our existing assets and the expansion of 
our natural gas operations. Our general partner charges us the costs associated with employees and related 
benefits for personnel that are assigned to us or othenvise provide us with managerial and administrative 
services. The portion of compensation and related costs we are charged is dependent upon such items as 
estimated time spent, miles of pipe and headcount. In addition we have experienced an increase in outside 
contract labor cost, given the high demand and competitive rates within our industry as a result of continuous 
pipeline expansions across the areas we serve. We anticipate that our workforce related costs will continue 
to increase as we expand our natural gas operations. 

The increase in our Materials, supplies and other costs along with our Repair and maintenance costs 
are predominantly related to the increase in volumes and expansion of our natural gas systems. Materials, 
supplies and other costs include chemicals used in our processing activities, materials purchased for repair 
and maintenance purposes, utility costs to run our plants, pumps and other similar costs that are mostly 
variable with volumes. These costs were partially offset by the sale of our South Texas assets and a sour gas 
system located on our East Texas system in December 2005, which contributed to the decrease in 
Materials, supplies and other costs compared with 2005. Repair and maintenance costs include compressor 
maintenance, downtime for routine and unscheduled maintenance, pipeline integrity costs and other 
similar items that have increased with the expansion of our existing natural gas systems. During 2006. we 
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spent approximately $10.1 million, the majority of which was in the fourth quarter of 2006, on pipeline 
integrity work in connection with our ongoing pipeline integrity management program in order to comply 
with regulatory guidance and maintain our existing pipeline integrity standards. We anticipate these costs 
will continue to increase as we expand our systems and increase the volumes of natural gas services 
we provide. 

Our other operating and administrative costs include rents and leases which primarily relate to 
compressor rentals, property taxes and other costs. These additional operating and administrative costs 
tend to vary in relation to the natural gas volumes moving on our systems or in relation to the expansion of 
our natural gas operations. We anticipate these costs will continue to increase as the volumes on our 
systems increase and we expand our systems. 

We expect our operating and administrative costs will continue to increase in future periods as greater 
volumes of natural gas flow through our systems and we continue to expand our natural gas operations. 

Our depreciation and amortization expense for the year 2006 exceeded the amount reported for 2005 
by approximately $4.3 million, primarily as a result of capital projects completed and placed in-service 
during 2006 and projects completed in 2005 that were only depreciated for a partial year. The increase in 
depreciation expense was partially offset by modest extensions of the depreciable lives of our major natural 
gas systems based on a third-party study commissioned by management that was completed in the third 
quarter of 2005. As a result of this study, revised depreciation rates for the Anadarko, North Texas and 
East Texas systems were implemented effective August 1, 2005. The annual composite rate, which 
represents the expected remaining service life of these natural gas systems, was reduced from 4.0% to 
3.4%. As a result, our depreciation expense was approximately $3.5 million and $2.5 million lower for the 
years ended December 31, 2006 and 2005, respectively, than if these rates had not been reduced. 
Additionally, we revised our depreciation rates for a portion of our FERC-regulated natural gas assets 
effective Julyl, 2006, to reflect a decrease in the remaining service life of these natural gas assets. 
Depreciation expense was approximately $1.3 million higher for the year ended December 31, 2006, as a 
result of this decrease in the expected remaining service life of these assets. 

Year ended December 31,2005 compared with year ended December 31,2004 

Our Natural Gas segment contributed $110.5 million of operating income in 2005, representing an 
increase of $12.4 million from the $98.1 million earned in 2004. Increased drilling by producers Contributed 
to average daily volume increases of 17 percent in 2005 on our major natural gas systems compared with 
2004. The increase in volumes is primarily the result of additional wellhead supply contracts on our East 
Texas and Anadarko systems, as well as the additional volumes on the North Texas system associated with 
the gathering and processing assets we acquired in January 2005. Drilling activity continues to increase in 
the Anadarko Basin, Bossier Trend and Bamett Shale areas as evidenced by increasing rig counts and 
production volumes over the past several years. Additionally, completion of the East Texas expansion 
project in late June 2005 contributed modestly to the growth in volumes for the year 2005. With continued 
investment in our systems to expand capacity, we expect our major natural gas systems to benefit from the 
increase in production volumes expected to result from the continuing increase in drilling activities in the 
basins we serve. 

Partially offsetting the positive operating results derived from the increases in gathering, processing 
and transportation volumes on our natural gas systems were non-cash, mark-to-market net losses of $8.1 
million associated with our derivative transactions and hedging activities. Included in Cost of natural gas 
are non-cash losses of $2.5 million resulting from ineffectiveness associated with our qualified cash flow 
hedges and $5.6 million of non-cash mark-to-market losses from derivative financial instruments that do 
not qualify for hedge accounting treatment under SFAS No. 133. The non-cash losses primarily result from 
the significant increases in forward natural gas and NGL prices during the year. The increase in prices 
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reduces the fair market value of these derivative financial instruments because the fixed price component 
of these derivatives is significantly less than the market price of natural gas at each of the forward 
settlement points. 

Also included in our operating results for the year ended December 31,2005 is a gain of $18.1 million 
we realized in December 2005, when we divested non-strategic assets located within our East and South 
Texas systems. We sold for $105.4 million in cash, a processing plant and related facilities, and other 
gathering and processing assets with a canying value of approximately $86.9 million. We incurred selling 
costs of approximately $0.4 million. In connection with this sale, we paid approximately $16.3 million to 
settle natural gas hedges associated with the natural gas produced by these assets. We had previously 
recorded unrealized losses associated with the natural gas hedges that were realized upon settlement. 

A variable element of the Natural Gas segment's operating income is derived from keep-whole 
processing of natural gas primarily on our Anadarko and East Texas systems. This contract structure 
requires us to process natural gas at times when it may not be economical to do so. This can happen when 
natural gas prices are unusually high or NGL prices are unusually low. During 2005, although natural gas 
prices were unusually high, they were more than offset by favorable NGL prices. Operating revenue less 
cost of natural gas derived from keepwhole processing for the year 2005 was approximately $29.0 million 
compared with $17.2 million in 2004. 

Operating and administrative costs of our Natural Gas segment were $175.0 million, or 27 percent 
greater for 2005 than 2004, primarily as a result of increased workforce related costs and costs that are 
variable with volumes. Workforce related costs increased $11.8 million due to higher pension, medical and 
other benefits, as well as additional administrative, regulatory and compliance support. Costs that are 
incremental with volumes, such as chemicals, materials and supplies and direct workforce expenses 
increased by $10.5 million. Additionally, the natural gas gathering and processing assets we acquired in 
January 2005 contributed to the cost increases of approximately $7.2 million. As well, our maintenance 
costs increased by approximately $4.9 million in 2005 due to several processing plants that underwent 
major repairs, one of which was included with the recently divested assets. 

Our depreciation and amortization expense for the year 2005 exceeded the amount reported for 2004 
by approximately $14.3 million, primarily as a result of acquisitions and significant capital projects 
completed and placed in-service during 2005. The increase in depreciation expense was partially offset by 
modest extensions of the depreciable lives of our major pipeline systems as a result of a depreciation study 
completed during the third quarter of 2005. Based on a third-party study commissioned by management, 
revised depreciation rates for the Anadarko, North Texas and East Texas systems were implemented 
effective August 1, 2005. The annual composite rate, which represents the expected rcmaining service life 
of these natural gas systems, was reduced from 4.0% to 3.4%. Depreciation expense for the year ended 
December 31,2005 was approximately $2.5 million lower as a result of the new depreciation rates. 

Future Prospects for Natural Gas 

Our natural gas assets are located in the Gulf Coast and Mid-continent regions of the United States, 
two of the premier natural gas producing areas. As a result, there are many opportunities to connect new 
natural gas supplies either by installing new facilities or acquiring adjacent third-party gathering 
operations. Consolidation with neighboring facilities will extract efficiencies by eliminating costs, for 
example, by combining redundant fac es, increasing volume, and increasing processing margins. These 
opportunities tend to involve modest amounts of capital with attractive rates of return. 

Although we continue to assess various acquisition and expansion opportunities to pursue our strategy 
for growth, the market for acquiring energy transportation assets continues to remain active and significant 
competition penists among prospective acquirers of assets. While we remain committed to making 
accretive acquisitions in or near areas where we already operate or have a competitive advantage, we will 
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continue to focus our efforts primarily on development of our existing pipeline systems. Although one of 
our objectives is to grow our natural gas business through acquisitions, we may and have pursued 
opportunities to divest any non-strategic natural gas assets as conditions warrant. 

Results of our natural gas gathering and processing business depend upon the drilling activities of 
natural gas producers in the areas we serve. During 2006, increased drilling in the areas where our 
gathering systems are located has generally contributed to our volume growth. We expect the growth trend 
in these areas to continue in the future as evidenced by third-party reserve studies and the increase in rig 
counts in the areas served by our systems. Continuing advances in seismic and drilling completion 
technology, along with robust energy prices, have been key drivers for the higher drilling activity levels in 
such a r e s  as the tight gas and gas shale locations of the Mid-Continent and East Texas. Other advances in 
drilling technology are enabling producers to more economically extract natural gas from wells and 
increase well productivity. 

One of the prominent areas in which this is occurring is the Barnett Shale play in North Texas. The 
Barnett Shale is a prominent natural gas formation within the Fort Worth Basin, and it is being actively 
developed. The formation production has risen from approximately 110 MMcf/d to over 1,800 MMcf/d 
since 1999, with the drilling of over 5,200 wells. We anticipate that throughput on the North Texas system 
will increase modestly in each of the next several years as a result of Barnett Shale development. To 
accommodate anticipated growth in the region we have commenced construction of two new gas 
processing plants totaling approximately 75 MMWd of capacity and related upstream facilities. These 
facilities are expected to become operational in the second and fourth quarters of 2007. 

Our Anadarko system continues to experience considerable growth as a result of the rapid 
development of the Granite Wash play in Hempbill and Wheeler counties in Texas. We are continuing to 
make progress in increasing processing capacity and field compression in the region from 230 MMcf/d at 
December 31, 2W5 to approximately 440 MMcf/d to accommodate the volume growth. We have added 
approximately 70 MMcffd of processing capacity during 2006 and expect to place 155 MMcfid of additional 
processing capacity as well as field compression in service during 2007. 

Producer drilling plans in regional plays, in the areas served by our gas assets, are expected to result in 
continued production growth. To accommodate this further growth we initiated construction on several 
projects during 2006 to increase our gathering and treating infrastructure and market access capability. 
These projects continue to progress according to schedule and include: 

Our expansion and extension of our East Texas natural gas system includes construction of a 
36-inch diameter intrastate pipeline from Bethel, Texas to Orange County, Texas with capacity of 
approximately 700 MMcf/d. We expect to complete this project in stages throughout 2007. The new 
pipeline will provide service to a number of major industrial companies in Southeast Texas and will 
cross a number of interstate pipelines. We continue to secure additional commitments for capacity 
on the pipeline. We currently anticipate the expansion project will cost approximately $610 million. 

As part of our East Texas expansion project we are adding a 200 MMcffd treating facility to be built 
near Marauez. Texas which will be connected to the 36-inch diameter intrastate DiDeline via a new . .  
24-inch diameter pipeline. We expect the pIant to be completed and operating in the first quarter 
of 2007. 

Expansion of our sour gas treating capacity on the East Texas system will increase the total sulfur 
capacity in the first half of 2007 from 72.5 tons per day (tpd) to 125 tpd by early 2008, in order to 
handle additional sour gas supply and higher concentration levels of hydrogen sulfide (H,S). 

Installation of additional processing plants to enable the East Texas system to meet the increasingly 
more stringent pipeline gas quality specifications by late 2007. 
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The installation of two processing plants to expand the processing capability of our North Texas 
system, with processing capacities of 35 MMcfid and 40 MMcYd, to be fully operational in 
early 2007. 

0 
When fully operational in late 2007, the new assets we are constructing will provide additional sources 

of stable cash flow for us. We continue to evaluate other projects that could further integrate our major 
Texas-centered pipeline systems. 

A number of new interstate natural gas transportation pipelines are being constructed that may alter the 
landscape for interstate transportation of natural gas. Although a majority of our Natural Gas segment 
revenues are derived from the gathering, processing and intrastate transportation of natural gas, these newly 
constructed pipelines could affect the operating results of our existing market-based interstate and intrastate 
natural gas pipelines. Conversely, ow supply based gathering systems may benefit from enhanced capacity 
out of our gathering areas. 

Other Matters 

Our Bamagas system has agreements to provide transportation of up to 276,000 MMbtuid of natural 
gas for a remaining period of 17 years to two utility plants that are indirectiy owned by Calpine 
Corporation (“Calpine”). Calpine is the sole customer sewed by the Bamagas system. The Bamagas system 
receives a fixed demand charge of $0.07 per MMBtu of natural gas for 200,000 MMBtuid, regardless of 
whether the capacity is used. In December 2005, Calpine and many of its subsidiaries, including the 
subsidiaIy that owns the two utility plants served by our Bamagas system, filed voluntarily petitions to 
restructure under Chapter 11 of the United States Bankruptcy Code. In connection with the bankruptcy 
filing, Calpine has announced receipt of commitments for up to $2 billion of Debtor in Possession, or DIP, 
financing to allow for the continued operation of its power plants. Our Bamagas system is the sole supplier 
of natural gas to these two utility plants, and we expect the subsidiary that owns these utility plants to 
continue performing under the terms of our agreement. Due to the recent nature of the bankruptcy filing, 
we are unable to determine the extent of any losses to which we may be subject as a result of the 
bankruptcy. In April 2006, Calpine announced its intent to sell approximately 20 of its non-core and non- 
strategic power plants, although all of the plants to be sold have not been announced. Calpine has 
continued to perform under the terms of its agreement with Bamagas and we remain confident that any 
losses we may incur with respect to Calpine’s bankruptcy will be minimal. We continue to monitor the 
Calpine bankruptcy proceedings and will recognize any losses that may result when it becomes evident that 
a loss has been incurred. 

0 

Madteting 

The following table sets forth the operating results for the Marketing segment assets for the 
periods presented: 

Year Ended Deeember31, 
2006 2005 2004 

(dollan in millions) 
~~~ 

Operating revenues.. ................................... $2,975.5 $3,706.8 $2,562.5 
Cost of natural gas.. .................................... 2,913.5 3,744.6 2,555.3 

- _ _ _ _ _ _  

Operating and administrative ............................ 5.4 4.1 3.4 
........................... 0.5 0.5 0.2 Depreciation and amortization 

Expenses.. ............................................ 2,919.4 3,749.2 2,558.9 
Operatingincome (loss). ................................ $ 56.1 $ (42.4) 

~~~ 

_ _ -  
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Natural gas purchased and sold by our Marketing segment is priced at a published daily or monthly 
price index. Sales to wholesale customers typically incorporate a premium for managing their transmission 
and balancing requirements. Higher premiums and associated margins result from transactions that involve 
smaller volumes or that offer greater service flexibility for wholesale customers. At their request, we will 
enter into long-term, fixed-price purchase or sales contracts with our customers and generally will enter 
into ofketting hedged positions under the same or similar terms. 

Marketing pays third-party storage facilities and pipelines for the right to store and transport natural 
gas for various periods of time. These contracts may be denoted as firm storage, interruptible storage, or 
parking and lending services. These various contract structures are used to mitigate risk associated with 
sales and purchase contracts, and to take advantage of price differential opportunities. 

Year ended December 31,2006 compared with year ended December 31, 2005 

A majority of the operating income of our Marketing segment is derived from selling natural gas 
received from producers on our Natural Gas segment pipeline assets to end users of the natural gas. A 
majority of the natural gas we purchase is produced in Texas markets where we have limited physical 
access to the primary interstate pipeline delivery points, or hubs such as Waha, Texas and the Houston 
Ship Channel. As a result, our Marketing business must use third-party pipelines to transport the natural 
gas to these markets where it can be sold to our customers. However, physical pipeline constraints often 
require our Marketing business to transport natural gas to alternate market points. Under these 
circumstances, our Marketing segment will sell the purchased gas at a pricing index that is different from 
the pricing index at which the gas was purchased. This creates a price exposure that arises from the relative 
difference in natural gas prices between the contracted index at which the natural gas is purchased and the 
index under which it is sold, otherwise known as the “spread.” The spread can valy significantly due to 
local supply and demand factors. Wherever possible, this pricing exposure is economically hedged using 
derivative financial instruments. However, the structure of these economic hedges often precludes our use 
of hedge accounting under the requirements of SFAS No. 133, which can create volatility in the operating 
results of our Marketing segment. 

To ensure that we have access to primary pipeline delivery points, we often enter into firm 
transportation agreements on interstate and intrastate pipelines. To offset the demand charges associated 
with these firm transportation contracts, we look for market conditions that allow us to lock in the price 
differential or spread between the pipeline receipt point and pipeline delivery point. This allows our 
Marketing business to lock in a fixed sales margin inclusive of pipeline demand charges. We accomplish 
this by transacting basis swaps between the index where the natural gas is purchased and the index where 
the natural gas is sold. By transacting a basis swap between those two indices, we can effectively lock in a 
margin on the combined natural gas purchase and the natural gas sale, mitigating the demand charges on 
firm transportation agreements and limiting the Partnership’s exposure to cash flow volatility that could 
arise in markets where the firm transportation becomes uneconomic. However, the structure of these 
transactions precludes our use of hedge accounting under the requirements of SFAS No. 133, which can 
create volatility in the operating results of our Marketing segment. 

In addition to natural gas basis swaps, we contract for storage to assist with balancing natural gas 
supply and end use market sales. In order to mitigate the absolute price differential between the cost of 
injected natural gas and withdrawn natural gas, as well as storage fees, the injection and withdrawal price 
differential, or “spread,” is hedged by buying fixed price swaps for the forecasted injection periods and 
selling fixed price swaps for the forecasted withdrawal periods. When the injection and withdrawal spread 
increases or decreases in value as a result of market price movements, we can earn additional profit 
through the optimization of those hedges in both the forward and daily markets. Although all of these 
hedge strategies are sound economic hedging techniques, these types of financial transactions do not 
qualify for hedge accounting under the SFAS No. 133 guidelines. As such, the non-qualified hedges are 
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accounted for on a mark-to-market basis, and the periodic change in their market value, although non- 
cash, will impact the income statement. 

For the year ended December 31, 2006, the operating income of our Marketing segment increased 
$98.5 million to $56.1 million, from a loss of $42.4 million in 2005. The significant increase in the operating 
income of OUI Marketing segment for 2006 is primarily due to unrealized, non-cash, mark-to-market net 
gains of approximately $64.5 million compared with unrealized mark-to-market net losses of $50.3 million 
for 2005. These unrealized mark-to-market changes are associated with derivative financial instruments 
that do not qualify for hedge accounting treatment under SFAS No. 133. The unrealized, mark-to-market 
gains for 2006 are the result of a decline in the forward and daily market price of natural gas from the 
historically high prices experienced in 2005. Additionally, the basis between the index where the natural 
gas is purchased and the index where the natural gas is sold has declined in correlation with the decline in 
the forward market price of natural gas contributing to the unrealized, mark-to-market net gains for 2006. 

The operating results of our Marketing segment for the year ended December 31, 2006, also include 
non-cash charges totaling $17.0 million attributable to reducing the cost basis of our natural gas inventory 
to fair market value. Natural gas prices as published by Platt’s Gas Daily for Henry Hub were 
approximately $10.08 per MMBtu at December 31, 2005, which had declined to $5.64 per MMBtu at 
December 31,2006. As a result of the decline in the price of natural gas from 2005 to 2006, we recorded 
charges totaling $17.0 million during 2006 to reduce the cost basis of our inventoly to fair market value. 
Partially offsetting this charge are gains of approximately $3 million that we realized upon settlement of 
derivative financial instruments hedging our natural gas inventoly for 2006. Due to our hedging structures, 
we expect that a majority of the lower of cost or market inventory charges will be offset by future financial 
and physical transactions that will settle at the time the natural gas inventory is sold. 

Year ended December 31,2005 compared with year ended December 31, 2004 

For the year ended December 31,2005, our Marketing segment incurred losses of $42.4 million, which 
include non-cash mark-to-market losses of $48.2 million, compared with earning $3.6 million of operating 
income for 2004. The non-cash, mark-to-market losses are associated with derivative financial instruments 
that do not qualify for hedge accounting treatment under SFAS No. 133. During 2005, we revised our 
business stratem for the use of derivative financial instruments associated with the transportation and 
storage of natural gas to afford us the ability to respond to changing economic conditions. The flexibility 
provided by our revised strategy precludes us from continuing the use of hedge accounting with regard to 
these transactions. Under SFAS No. 133, if the forecasted transaction is no longer probable of occurring as 
originally set forth in the hedge documentation, the financial instruments must bc marked-to-market each 
period with the change in fair market value recorded in earnings. However, SFAS No. 133 does not allow 
us to mark-to-market the change in value of the related underlying physical transaction, and this difference 
creates earnings volatility when the “spreads” shift. We expect these net mark-to-market losses to be 
predominantly offset when the related physical transactions are settled (refer also to the discussion 
included in Item 7A. Quantitative and Qualitative Disclosures About Market Risk and Note 15 of our 
Consolidated Financial Statements beginning on page F-l of this report). 

During the third and fourth quarters of 2005, disruptions of natural gas supplies from facilities in the 
Gulf of Mexico region caused by hurricanes Katrina and Rita created greater demand for natural gas 
production from our onshore Natural Gas segment pipeline assets, increasing our ability to optimize 
natural gas supply to areas of strongest demand. As a result of the hurricanes, unusual volatility in the 
prices of natural gas created greater spreads on our natural gas volumes. 

0 

0 
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Corporate 

Year ended December 31,2006 compare vith year ende, December 31, ZOOS 

Interest expense was $110.5 million in 2006 compared with $107.7 million in 2005. The increase is the 
result of higher debt balances and weighted average interest rates, partially offset by approximately $10.7 
million of interest capitalized on our construction projects for 2006 compared with $4.0 million capitalized 
in 2005. Our weighted average interest rate was approximately 5.82% for the year ended December 31, 
2006, compared with approximately 5.78% during 2005. Our debt balances are higher at December 31, 
2006 compared with December 31,2005 as a result of the capital expenditures we have made to expand our 
existing systems to improve the service capabilities of our assets. 

Included in other income for the year ended December 31,2006, is approximately $4.5 million that we 
received as settlement for an insurance claim that we filed in connection with an interruption to the 
operations of our Lakehead system resulting from a fire that occurred at Suncor’s upgrader site in 
January 2005. 

The Partnership is not a taxable entity for US.  federal income tax purposes and historically has not 
been a taxable entity for state income tax purposes. Federal and state income taxes on partnership taxable 
income were both borne directly by the unitholders with no entity level tax on the Partnership. In 
May 2006, the State of Texas enacted substantial changes to its tax structure beginning in 2007 by imposing 
a new tax based upon modified gross revenue. We determined that this tax is an income tax as defined 
under Statement of Financial Accounting Standards No. 109, Accounting for Income Tares (“SFAS 
No. 109”). Our initial accounting for the enactment of this income tax did not materially affect our results 
of operation, financial condition or cash flows. Although we anticipate Texas will make further changes to 
this tax in 2007 that may impact our income tax expense, our 2007 income tax expense will be 
approximately $5 million. 

Year ended December 31, 2005 compared with year ended December 31,2W4 

Interest expense was $107.7 million in 2005 compared with $88.4 million in 2004. The increase is the 
result of higher debt balances and higher weighted average interest rates of approximately 5.78% for the 
year ended December 31,2005, compared with approximately 5.56% during 2004. The increase in ow debt 
balances at December 31, 2005 is due to the gathering and processing assets in North Texas we acquired in 
January 2005, in addition to the capital expenditures we have made to expand our existing systems to 
improve the service capabilities of our assets. 

LIQUIDITY AND CAPITAL RESOURCES 

General 

We believe that our ability to generate cash flow, in addition to our access to capital, is sufficient to 
meet the demands of our current and future operating and investment needs. Our primary cash 
requirements consist of normal operating expenses, capital expenditures for our expansion projects, 
maintenance capital expenditures, debt service payments, distributions to our partners, acquisitions of new 
assets and businesses, and payments associated with our derivative transactions. Short-term cash 
requirements, such as operating expenses, maintenance capital expenditures, debt service payments and 
quarterly distributions to our partners, are expected to be funded by operating cash flows. Margin 
requirements associated with our derivative transactions are generally supported by letters of credit issued 
under our Credit Facility. We expect to fund long-term cash requirements for expansion projects and 
acquisitions from several sources, including cash flows from operating activities, borrowings under our 
commercial paper program, our Credit Facility, and the issuance of additional equity and debt securities. 
Our ability to complete future debt and equity offerings and the timing of any such offerings will depend 
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on various factors, including prevailing market conditions, interest rates, our financial condition and credit 
rating at the time. 

Our current business strategy emphasizes developing and expanding our existing Liquids and Natural 
Gas businesses with less focus on acquisitions. The internal growth projects we have planned for our 
Natural Gas business (see Natural Gas segment-Future Prospects), coupled with the Southern Access 
and Alberta Clipper projects on our Lakehead system (see Liquids segment-Future Prospects), will 
require significant expenditures of capital over the next several years. We expect to fund these 
expenditures from a balanced combination of additional issuances of partnership capital and long-term 
debt. Our planned internal growth projects will require us to bear the cost of constructing these new assets 
before we will begin to realize a return on them. During our construction of these major projects, our 
ability to increase distributions while funding these construction costs is likely to be limited. 

Capital Resources 

Equity Capital 

Execution of our growth strategy and completion of our planned construction projects contemplate 
our accessing the public and private equity markets to obtain the capital necessaly to fund these projects. 
During 2006, we raised net proceeds of approximately $500.0 million of equity in a private transaction for 
the sale of approximately 10.8 million of our Class C units, representing a new class of our limited partner 
interests. We sold the Class C units in equal amounts of approximately 5.4 million units each to our general 
partner and an institutional investor. Additionally, our general partner contributed approximately $10 
million to maintain its two percent general partner interest. We used the proceeds from this issuance 
partially to reduce borrowings outstanding under our commercial paper program and to fund a portion of 
our capital expansion projects. We invested the remaining amount in short-term commercial paper for use 
in future periods to further reduce our commercial paper borrowings or fund additional expenditures 
under our capital expansion projects. 

The following table presents historical information about our public equity offerings since 
Janualy 2004: 

0 

Issuance Date 

Number of 
Class A Offering Price General 

common "nib per Class A Net h e e d s  to Partner 
Issue common unit the Partnership1" Contribution'" 

($in millions, except per unit amounts) 

Net h e e d s  
lneluding 
General 
Partner 

Contribution 

Number of 
Class A Offering Price General 

common "nib per Class A Net h e e d s  to Partner 
Issue common unit the Partnership1" Contribution'" 

($in millions, except per unit amounts) 
2006 
We did not issue any Class A common units during 2006. 

2005 
December ................. 136,200 $46.000 $ 6.0 $0.2 
November ................. 3,000,000 $46.000 132.1 2.8 
February.. ................. 2,506,500 $49.875 124.8 2.7 
2005 Totals ................ 5,642,700 $262.9 $5.7 

September.. ............... 3,680,000 $47.900 $168.6 $3.6 

2004 Totals ................ 4,130,000 $190.2 $4.0 

") 

~ - 
~ - 
~ __ 

2004 

................... 0.4 Janualy. 450,000 $50.300 21.6 
~ - 

~ - 
~ - 

Net of undenuriters' fees and discounts, commissions and issuance expenses. 

Contributions made by the General Partner to maintain its 2% general partner interest 

$ 6.2 
134.9 
127.5 

$268.6 
~ 

~ 
~ 

$172.2 
22.0 

$194.2 
__ 
~ 
~ 

75 



Available Credit 

A significant source of our liquidity is provided by the commercial paper market. We have a 600 
million commercial paper program that is supported by our long-term Credit Facility, which we access 
primarily to provide temporary financing for our operating activities, capital expenditures and acquisitions, 
at rates that are generally lower than the rates available under our Credit Facility. Under the terms of our 
commercial paper program, we may issue up to $600 million of commercial paper. At December 31,2006, 
we had $445 million in principal amount of commercial paper outstanding and could issue an additional 
$155 million in principal amount of commercial paper. 

Our Credit Facility also provides us with another significant source of liquidity. In March 2006, we 
obtained an increase from $800 million to $1 billion in the aggregate commitment available to us under the 
terms of our Credit Facility. The amounts we may borrow under the terms of our Credit Facility are 
reduced by the principal amount of our commercial paper issuances and the balance of our letters of credit 
outstanding. At December 31,2006, we had no amounts outstanding under our Credit Facility and letters 
of credit totaling $59.3 million. We could borrow $495.7 million under the terms of our Credit Facility at 
December 31, 2006, after reducing the $1 billion commitment amount by outstanding letters of credit and 
the principal balance of commercial paper we have outstanding. We expect to extend the capacity of our 
Credit Facility to approximately $1.25 to $1.5 billion in the near term, subject to the approval of the 
lenders that are party to our Credit Facility. At December 31, 2006, our Credit Facility remains undrawn 
and available to support our commercial paper program and meet our short-term liquidity needs. 

Indebtedness and Other Payment Obligations 

The following table presents the components of our outstanding indebtedness: 

December 31, 
2006 2005 

(in millions) 
~~ 

Current maturities of long-term debt: 
I 

Current portion of First Mortgage Notes .......................... $ 31.0 $ 31.0 
Loansfmmaffibates ............................................ $ 136.2 $ - 

~~ . .  
~ 
~~ 

Long-term debt: 
Commercial Paper. ............................................. 

First Mortgage Notes . 
4.000% senior notes du 
7.900% senior notes du 
4.750% senior notes due 2013.. ................ 
5.350% senior notes due 2014.. .. 
5.875% senior notes due 2016.. ...... 
7.000% senior notes due 2018"' .................................. 
7.125% senior notes due 2028"' .................................. 
5.950% senior notes due 2033. ................................... 
6.300% senior notes due 2034.. .................................. 
Unamortized discount .......................................... 

Credit Facility.. ...... ......................... 

............. 

Total long-term debt 
Loans from affiliates 

$ 443.1 

124.0 
200.0 
100.0 
200.0 
200.0 
300.0 
100.0 
100.0 
200.0 
100.0 

$2,066.1 

- 

(1.6) 

$ -  
~ 
~ 

$ 329.3 

155.0 
200.0 
100.0 
200.0 
200.0 

100.0 
100.0 
200.0 
100.0 

~ $1,682.9 
$ 151.8 

- 

- 

(1.4) 

~ 

1') Debt of Enbridge Energy, Limited Partnership, one of our operating subsidiaries. 
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Commercial Paper Program 0 - 
At December 31, 2006, we had $445 million in principal amount of commercial paper outstanding, 

with unamortized discount of $1.3 million, at a weighted average interest rate of 5.45%, before the effect of 
our interest rate hedging activities. We had net borrowings of approximately $111.4 million during 2006 
under our commercial paper program which include gross issuances of $3,145.4 million and gross 
repayments of $3,034.0 million. At December 31, 2006, we could issue an additional $155 million in 
principal amount of commercial paper. 

Credit Facility 

Our Credit Facility, as amended, is a revolving term facility that matures in April 2010. In March 2006, 
we obtained an increase from $800 million to $1 billion in the aggregate commitment available to us. The 
amounts we can borrow under the terms of our Credit Facility are reduced by the principal amount of our 
commercial paper issuances and the balance of our letters of credit outstanding. We pay interest on the 
amounts outstanding at variable rates equal to a “Base Rate” or a “Eurodollar Rate” as defined in the 
Credit Facility. In the case of Eurodollar Rate loans, an additional margin is charged which varies 
depending on our credit rating and the amounts drawn under the facility. We are also charged a facility fee 
on the entire amount of the Credit Facility, regardless of the amount drawn, which also varies depending 
on our credit rating. During 2006, we borrowed approximately $90 million to provide short-term financing, 
which we repaid the following business day. 

Our Credit Facility contains restrictive covenants that require us to maintain a minimum interest 
coverage ratio of 2.75 times and a maximum leverage ratio of 5.25 times for twelve months through 
December 2006, at which time it decreases to 5.00 times, thereafter. At December 31, 2006, our interest 
coverage ratio was approximately 4.4 and our leverage ratio was approximately 4.6. Our Credit facility also 
places limitations on the debt that our subsidiaries may incur directly. Accordingly, it is expected that we 
will provide debt financing to our subsidiaries as necessary. 

At December 31,2006, we had no balances outstanding under our Credit Facility and could borrow 
$495.7 million. Additionally, we have outstanding letters of credit totaling $59.3 million at 
December 31,2006. 

First Mortgage Notes 

The First Mortgage Notes are collateralized by a first mortgage on substantially all of the property, 
plant and equipment of the Lakehead Partnership and are due and payable in equal annual installments of 
$31.0 million until their maturity in 2011. The Notes contain various restrictive covenants applicable to us, 
and restrictions on the incurrence of additional indebtedness, including compliance with certain debt 
issuance tests. We were in compliance with these covenants at December 31, 2006. We believe these 
issuance tests will not negatively affect our ability to access the credit markets to finance future expansion 
projects. Under the First Mortgage Note Agreements, we cannot make cash distributions more frequently 
than quarterly in an amount not to exceed Available Cash for the immediately preceding calendar quarter. 
If we repay the Notes prior to their stated maturities, the First Mortgage Note Agreements provide for the 
payment of a redemption premium by us. 

Senior Notes 

0 

In December 2006, we issued $300.0 million in aggregate principal amount of our 5.875% Senior 
Notes due 2016 in a public offering, from which we received proceeds of $297.6 million, after payment of 
underwriting discounts and commissions and estimated offering expenses. We used the proceeds to repay a 
portion of our outstanding commercial paper and to finance a portion of our capital expansion projects. 
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We did not issue any Senior Notes during the year ended 2005; however, during 2004 we issued the 

In December2004, we issued $200,0million in aggregate principal amount of our 5.35% Senior 
Notes due 2014 and $100.0 million in aggregate principal amount of our 6.30% Senior Notes due 
2034 in a public offering, from which we received net proceeds of $297.1 million. We used the 
proceeds to repay a portion of the debt outstanding under our bank Credit Facility. 

In January 2004, we issued $200.0 million in aggregate principal amonnt of our 4.0% Senior Notes 
due 2009 in a public offering, from which we received net proceeds of $198.3 million. We used the 
proceeds to repay a portion of the debt outstanding under our bank Credit Facility. 

Enbridge Energy, Limited Partnenhip, our operating subsidiary that owns the Lakehead system, has 
$300 million of senior notes, the (“the OLP Notes”) outstanding representing unsecured obligations that 
are structurally senior to our Senior Notes. All of the OLP Notes pay interest semi-annually and have 
varying maturities and terms as set forth in the table above. The OLP Notes do not contain any covenants 
restricting us from issuing additional indebtedness. The OLP Notes are subject to make-whole redemption 
rights and were issued under an indenture (“the OLP Indenture”) containing certain covenants that 
restrict our ability, with certain exceptions, to sell, convey, transfer, lease or otherwise dispose of all or 
substantially all of our assets, except in accordance with the OLP Indenture. We were in compliance with 
these covenants at December 31,2006. 

All of our Senior Notes represent our unsecured obligations that rank equally in right of payment with 
all of our existing and future unsecured and unsubordinated indebtedness. Our Senior Notes are 
structurally subordinated to all existing and future indebtedness and other liab es, including trade 
payables of our subsidiaries and the $300 million of OLP Notes issued by Enbridge Energy, Limited 
Partnership. The borrowings under our Senior Notes are non-recourse to our general partner and 
Enbridge Management. All of our Senior Notes pay interest semi-annually and have varying maturities and 
terms as presented in the table above. Our Senior Notes do not contain any covenants restricting us from 
issuing additional indebtedness. Our Senior Notes are subject to make-whole redemption rights and were 
issued under an indenture containing certain covenants that restrict our ability, with certain exceptions, to 
sell, convey, transfer, lease or otherwise dispose of all or substantially all of our assets, except in 
accordance with our indenture agreement. We were in compliance with these covenants at 
December 31,2006. 

Loans from General Partner and affiliates 

following senior notes: 

As of December 31, 2006 and 2005, we had $136.2 million and $151.8 million, respectively, in debt 
outstanding under a note to an affiliate of our general partner. This note relates to debt we assumed in 
connection with our acquisition of the Midcoast system in October2002. The note matures in 
December 2007 and has cross-default provisions that are triggered by events of default under our First 
Mortgage Notes or defaults under our Credit Facility. The note is subordinate to our Credit Facility and 
other senior indebtedness. For the years ended December 31, 2006 and 2005, we converted interest 
payable related to this note in the amount of $4.4 million and $9.7 million, respectively, into debt by 
increasing the principal balance of this note. Additionally, in 2006 we repaid approximately $20.0 million in 
principal amount of this note. 
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Credit Ratings 

owned subsidialy, Enbridge Energy, Limited Partnership at December 31,2006: 
The following table reflects the ratings that have been assigned to our debt and the debt of our wholly- 

e 
Enbridee E n e m  Partners. L.P. 

SLandard & Dominion Bond 
PWr‘S Moody’s Rating Service 

0 a 

Outlook .............................................. Stable Negative Stable 
Corporate ............................................ BBB Baa2 BBB 
Commercial Paper.. ................................... A-2 P-2 R-2M 
Medium Term Notes & Unsecured Debentures ........... BBB Baa2 BBB 

Outlook Stable Negative NIA 
Senior secured ........................................ BBBf Baal NR 
Senior unsecured ...................................... BBB Baal NR 

Enbridge Energy, Limited Partnership 
.............................................. 

NR-Norating is available 

Moody’s recently affirmed our Baa2 rating but revised its outlook to negative. This reflects Moody’s 
view that our financial profile is weaker than those of our similarly rated peers. However, Moody’s believes 
that this weaker financial profile is offset to a degree by our low business risk profile that stems from our 
highly regulated and/or contracted liquids and natural gas systems and our strategy of hedging a significant 
portion of our commodity exposure. While our substantial organic growth capital expenditure program will 
place our financial profile under near term pressure until these projects are commissioned and increase 
our reliance on the capital markets, Moody’s believes that completion of our organic growth projects 
should contribute to a further reduction in our overall business risk profile and that the cash flow 
generated by these projects as they are commissioned will strengthen our financial profile. Following the 
successful execution of both the construction and financing of these growth projects over the next 18 to 24 
months, an improved rating outlook by Moody’s is possible. 0 
Summary of Obligations and Commitments 

The following table summarizes the principal amount of our obligations and commitments at 
December 31,2006: 

2007 2008 2009 2010 2011 Thereafter ~ Total ~ ~ ~ _ _ _ _  Future Minimum Commitments 
(in millions) 

Long-term debt and Loans from 
General Partner and affiliates. . .  $167.2 $31.0 $231.0 $476.0 $31.0 $1,300.0 $2,236.2 

- 451.8 Purchase commitments(” ......... 451.8 - - - - 
3.2 Power commitments(2), 3.2 - 

Other operating leases ........... 10.8 9.1 6.9 1.9 0.1 - 28.8 
Right-of-way‘” .................. 1.7 1.7 1.7 1.7 1.7 42.4 50.9 
Product purchase 

 obligation^'^' .................. 32.1 34.0 31.5 27.6 24.6 83.4 233.2 
Service contract 

- - - ........... - 

~ ~~~~~~~~~~ . .  obligations”’. . . . . . . . . . . . . . . . . .  16.4 15.6 12.5 8.3 6.2 1.8 60.8 _ _ _ _ _ _ _ _ ~ ~ ~  
Total ........................... $683.2 $91.4 $283.6 $515.5 $63.6 $1,427.6 $3,064.9 _ _ _ _ _ _ _ _ ~  ~ ~ _ _ _ _ _ _ _  
( I )  Represents commitments to purchase materials, primarily pipe from third-party suppliers in 

connection with our expansion projects. 

Reprcsents commitments to purchase power in connection with our Liquids segment. (‘I 
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(3 Right-of-way payments are estimated to be approximately $1.7 million per year for the remaining life 
of all pipeline systems, which has been assumed to be 25 years for purposes of calculating the amount 
of future minimum commitments beyond 2011. 

We have long-term product purchase obligations with several third-party suppliers to acquire natural 
gas and NGLs at prices approximating market at the time of delivery. 

The service contract obligations represent the minimum payment amounts for firm transportation and 
storage capacity we have reserved on third-party pipelines and storage facilities. 

(4) 

Cash Requirements for Fuhrre Growth 

Capital Spending 

We expect to make significant expenditures during the next three years for the construction of 
additional natural gas and crude oil transportation infrastructure. Extensive volume growth in the areas 
served by our East Texas system and the resulting constraints in reaching primaly market locations 
necessitates the construction of additional pipeline capacity to transport these volumes to alternate natural 
gas markets. Anticipated growth in Western Canadian oil sands production and the need to reach newer 
markets has prompted the Southern Access, Alberta Clipper and related projects associated with our 
liquid systems. In 2007, we expect to spend approximately $1.5 billion on these and other projects with the 
expectation of realizing additional cash flows as projects are completed and placed in service. At 
December 31, 2006, we had approximately $451.8 million in outstanding purchase commitments 
attributable to capital projects for the construction of assets that will be recorded as property, plant and 
equipment during 2007. 

Forecasted Expendiiums 

We categorize our capital expenditures as either core maintenance or enhancement expenditures. 
Core maintenance expenditures are those expenditures that are necessaly to maintain the service 
capability of our existing assets and includes the replacement of system components and equipment which 
is worn, obsolete or completing its useful life. Enhancement expenditures include our capital expansion 
projects and other projects that improve the service capability of our existing assets, extend asset useful 
lives, increase capacities from existing levels, reduce costs or enhance revenues, and enable us to respond 
to governmental regulations and developing industry standards. 

We estimate our forecasted expenditures based upon our strategic operating and growth plans, which 
are also dependent upon our ability to produce or otherwise obtain the capital necessaly to accomplish our 
growth objectives. The following table sets forth our estimates of capital required for system enhancement 
and core maintenance expenditures through December 31, 2007. Although we anticipate making the 
expenditures in 2007, these estimates may change due to factors beyond our control, including weather- 
related issues, construction timing, changes in supplier prices or poor economic conditions. Additionally, 
our estimates may also change as a result of decisions made at a later date to revise the scope of a project. 
We anticipate our capital expenditures to approximate the following in millions: 

Total 
Forecasted 

Expenditures 
Other system enhancements . . . . . . . . . . . . . . . .  $ 540 
Core maintenance activities. ........... 60 
Southern Access expansion.. . . . .  ......... 735 
East Texas expansion and extension (Clarity) ........................ ~ 230 

$1,565 
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