
On October 31, 2006, the FERC approved the methodology of the proposed cost-based recovery 
mechanism outlined in the North Dakota Offer of Settlement on the grounds that it appears fair, 
reasonable and in the public interest. 

Natural Gas Systems 

Tariff rates on the FERC-regulated natural gas pipelines are approved by the FERC and vary by 
pipeline depending on a number of factors, including cost of providing service, throughput levels on the 
pipeline, and other factors. Competitive forces may prompt us to charge tariff rates below the 
FERC-approved maximum rate on our interstate systems. The rates charged for transmission of natural 
gas on pipelines not regulated by the FERC, or a state agency, are established by competitive forces. 

Safety Regulation and Environmental 

General 

Our transmission and gathering pipelines and storage and processing facilities are subject to extensive 
federal and state environmental, operational and safety regulation. The added costs imposed by 
regulations are generally no different than those imposed on our competitors. The failure to comply with 
such rules and regulations can result in substantial penalties and/or enforcement actions and added 
operational costs. 

Pipeline Safely and Transportation Regulation 

Our transmission and non-rural gathering pipelines are subject to regulation by the United States 
Department of Transportation, or DOT, Pipeline and Hazardous Materials Safety Administration 
(“PHMSA) under Title 49 United States Code (Pipeline Safety Act, or PSA) relating to the design, 
installation, testing, construction, operation, replacement and management of transmission and non-rural 
gathering pipeline facilities. The PHMSA is the agency charged with regulating the safe transportation of 
hazardous materials under all modes of transportation, including intrastate pipelines. Periodically the PSA 
has been reauthorized and amended, imposing new mandates on the regulator to promulgate new 
regulations, imposing direct mandates on operators of pipelines. 

On December 17, 2002 the PSI Act of 2002 was enacted reauthorizing and amending the PSA. The 
most significant amendment required natural gas pipelines to develop integrity management programs and 
conduct integrity assessment tests at a minimum of seven year intervals. Such tests can include internal 
inspection, hydrostatic pressure tebts or direct assessments on pipelines in certain high consequence areas. 
The PHMSA has since promulgated rules for this and other mandates included in the PSI of 2002. 

On December 29, 2006 the “Pipeline Inspection, Protection, Enforcement, and Safety Act of 2006 
(PIPES of 2006) was signed into legislation that further amended the Pipeline Safety Act. Many of the 
provisions were welcome, including strengthening excavation damage prevention and enforcement. The 
most significant provisions of PIPES of 2006 that will affect the Partnership, but not materially, include a 
mandate to PHMSA to remove most exemptions from federal regulations for liquid pipelines operating at 
low stress and mandates PHMSA to undertake rulemaking requiring pipeline operators to have a human 
factors management plan for pipeline control room personnel, including consideration for controlling 
hours of service. 

We have incorporated the new requirements of the 2002 and 2006 PSA amendments into procedures 
and budgets and, while we expect to incur higher regulatory compliance costs, the increase is not expected 
to be material. 

In September 2006, PHMSA proposed extending its regulatory oversight to include environmentally 
sensitive areas that are beyond the scope of its current jurisdiction. PHMSA currently has jurisdiction over 
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rural gathering pipelines, low operating stress transmission pipelines that are located in high consequence 
areas and pipelines in urban areas or across navigable waters. We expect this proposed rule to become 
final by mid-2007 and do not expect the new mandates to have a material impact on our current systems. 
However, the PIPES of 2006 mandated that PHMSA go further and expand jurisdiction over all low stress 
pipelines, not just those in high consequence areas. We expect the PHMSA, therefore, to immediately 
issue another proposed mle for low stress pipelines, but until such rules are proposed, we are not certain of 
the effect or costs that the new requirements may have on our operations. 

When hydrocarbons are released into the environment, the PHMSA can impose a return-to-service 
plas which can include implementing certain internal inspections, pipeline pressure reductions, and other 
strategies to verify the integrity of the pipeline in the affected area. We do not anticipate any return-to- 
service plans that will have a material impact on system throughput or compliance costs; however we have 
the potential of incurring additional expenditures to remediate any condition in the event ofa  discharge or 
failure on the system. 

Our trucking and railcar operations are also subject to safety and permitting regulation by the DOT 
and state agencies with regard to the safe transportation of hazardous and other materials. 

We believe that our pipeline, trucking and railcar operations are in substantial compliance with 
applicable operational and safety requirements. In instances of non-compliance, we have taken actions to 
remediate the situations. Nevertheless, significant expenses could be incurred in the future if additional 
safety measures are required or if safety standards are raised and exceed the capabilities of our current 
pipeline control system or other safety equipment. 

Environmental Regulation 

Our operations are subject to complex federal, state, and local laws and regulations relating 
to the protection of health and the environment, including laws and regulations which govern the handling, 
storage and release of crude oil and other liquid hydrocarbon materials or emissions from natural gas 
compression facilities. As with the pipeline and processing industry in general, complying with current and 
anticipated environmental laws and regulations increases our overall cost of doing business, including our 
capital costs to construct, maintain, and upgrade equipment and facilities. While these laws and regulations 
affect our maintenance capital expenditures and net income, we believe that they do not affect our 
competitive position since the operations of our competitors are generally similarly affected. 

In addition to compliance costs, violations of environmental laws or regulations can result in the 
imposition of significant administrative, civil and criminal fines and penalties and, in some instances, 
injunctions banning or delaying certain activities. We believe that our operations are in substantial 
compliance with applicable environmental laws and regulations. 

There are also risks of accidental releases into the environment associated with our operations, such 
as leaks or spills of crude oil, liquids or natural gas or other substances from our pipelines or storage 

es. Such accidental releases could, to the extent not insured, subject us to substantial liabilities 
arising from environmental cleanup and restoration costs, claims made by neighboring landowners and 
other thud parties for personal injuly and property damage, and fines, penalties, or damages for related 
violations of environmental laws or regulations. 

Although we are entitled, in certain circumstances, to indemnification from third parties for 
environmental liabilities relating to assets we acquired from those parties, these contractual 
indemnification rights are limited and, accordingly, we may be required to bear substantial environmental 
expenses. However, we believe that through our due diligence process, we identify and manage substantial 
issues. 

General. 
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Air and Wafer Emissions. Our operations are subject to the federal Clean Air Act and the federal 
Clean Water Act and comparable state and local statutes. We anticipate, therefore, that we will incur 
certain capital expenses in the next several years for air pollution control equipment and spill prevention 
measures in connection with maintaining existing facilities and obtaining permits and approvals for any 
new or acquired facilities. 

The Oil Pollution Act (OPA) was enacted in 1990 and amends parts of the CWA and other statutes as 
they pertain to the prevention of and response to oil spills. Under the OPA, we could be subject to strict, 
joint and potentially unlimited liability for removal costs and other consequences of an oil spill from our 
facilities into navigable waters, along shorelines or in an exclusive economic zone of the United States. The 
OPA also imposes certain spill prevention, control and countermeasure requirements for many of our non- 

es, such as the preparation of detailed oil spill emergency response plans and the 
construction of dikes or other containment structures to prevent contamination of navigable or other 
waters in the event of an oil overflow, rupture or leak. For our liquid pipeline facilities, the OPA imposes 
requirements for rgency plans to be prepared, submitted and approved by the DOT. For our non- 
transportation fac s, such as storage tanks that are not integral to pipeline transportation system, the 
OPA regulations are promulgated by the E P A  We believe we are in material compliance with these laws 
and regulations. 

Hazardous Substahces and Waste Management. The federal CERCLA (also known as the 
“Superfund” law), and similar state laws, impose liability without regard to fault or the legality of the 
original conduct, on certain classes of persons. including the owners or operators of waste disposal sites 
and companies that disposed or arranged for disposal of hazardous substances found at such sites. We may 
generate some wastes that fall within the definition of a “hazardous substance.” We may, therefore, be 
jointly and severally liable under CERCLA for all or part of any costs required to clean up and restore sites 
at which such wastes have been disposed. In addition, it is not uncommon for neighboring landowners and 
other third parties to file claims for personal injuly and property damage allegedly caused by hazardous 
substances or other pollutants released into the environment. Analogous state laws may apply to a broader 
range of substances than CERCLA and, in some instances, may offer fewer exemptions from liability. We 
have not received any notification that we may be potentially responsible for material cleanup costs under 
CERCLA or similar state laws. 

The workplaces associated with our operations are subject to the 
requirements of the federal OSHA and comparable state statutes that regulate worker health and safety. 
We have an ongoing safety, procedure and training program for our employees and believe that our 
operations are in compliance with applicable occupational health and safety requirements, including 
industy consensus standards, record keeping requirements, monitoring of occupational exposure to 
regulated substances, and hazard communication standards. 

We own and operate a number of pipelines, gathering systems, storage facilities 
and processing facilities that have been used to transport, distribute, store and process crude oil, natural 
gas and other petroleum products. Many of our facilities were previously owned and operated by third 
parties whose handling, disposal and release of petroleum and waste materials were not under our control. 
The age of the facilities, combined with the past operating and waste disposal practices, which were 
standard for the industry and regulatoly regime at the time, have resulted in soil and groundwater 
contamination at some facilities due to historical spills and releases. Such contamination is not unusual 
within the natural gas and petroleum industry. Historical contamination found on, under or originating 
from our properties may be subject to CERCLA, RCRA and analogous state laws as described above. 

a 
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Under these laws, we could incur substantial expense to remediate such contamination, including 
contamination caused by prior owners and operators. In addition, Enbridge Management, as the entity 
with managerial responsibility for us, could also be liable for such costs to the extent that we are unable to 
fulfill our obligations. We have conducted site investigations at some of our facilities to assess historical 
environmental issues, and we are currently addressing soil and groundwater contamination at various 
facilities through remediation and monitoring programs, with oversight by the applicable government 
agencies where appropriate. 

In connection with our acquisition of the Midcoast system from Enbridge, the General Partner agreed 
to indemnify us and other related persons for certain environmental liabilities of which the General 
Partner had knowledge. Pursuant to the contrihution agreement related to this acquisition, the General 
Partner will not be required to indemnify us until the aggregate liabilities, including environmental 
liabilities, exceed $20.0 million, and the General Partner’s aggregate liability, including environmental 
liabilities, may not exceed, with certain exceptions, $150.0 million. We will be liable for any environmental 
conditions related to the acquired systems that were not known to the General Partner or were disclosed 
under the contribution agreement between the General Partner and us. In addition, we will be liable for all 
removal, remediation and disposal of all asbestos containing materials and all naturally occurring 
radioactive materials associated with the Northeast Texas system and for which the General Partner is 
liable to the prior owner of that system. 

Although we believe these indemnities and conditions provide valuable protection, it is possible that 
the sellers from whom these assets were purchased will not be able to satisfy their indemnity obligations or 
their remedial obligations related to retained liabilities or properties. In this case, it is possible that 
govenunental agencies or third party claimants could assert that we may be liable or bear some 
responsibility for such obligations. 

EMPLOYEES 
Neither we nor Enbridge Management, have any employees. Our general partner has delegated to 

Enbridge Management, pursuant to a delegation of control agreement, substantially all of the 
responsibility for our day-to-day management and operation. Our general partner, however, retains certain 
functions and approval rights over our operations. To fulfill its management obligations, Enbridge 
Management has entered into agreements with Enbridge and several of its affiliates to provide Enbridge 
Management with the necessary services and support personnel, who act on Enbridge Management’s 
behalf as its agents. We are ultimately responsible for reimbursing these service providers based on the 
costs that they incur in performing these services. 

INSURANCE 

Our operations are subject to many hazards inherent in the liquid petroleum and natural gas 
gathering, treating, processing and transportation industry. We maintain insurance coverage for our 
operations and properties considered to be customaly in the industry. Our coverage limits for property and 
business interrnption, general liability, and polution liability insurance are expressed in Canadian dollars, 
or CAD, and vary from CAD $400 million to CAD $650 million, or US $343 to $558 million, for property 
and business interrnption, general liability, and pollution liability insurance. The exchange rate of $0.8581 
United States dollars, or USD, for each CAD represents the effective exchange rate at December 31,2006. 
Insurance policy deductibles vary with coverage and as expressed in USD range from approximately $9 
million, $0.1 million, and $2.2 million for property, general liability, and pollution liability, respectively. We 
can make no assurance, however, that the insurance coverage we maintain will be available or adequate for 
any particular risk or loss: or that we will be able to maintain adequate insurance in the future at rates we 
consider reasonable. Although we believe that our assets are adequately covered by insurance, a 
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substantial uninsured loss could have a material adverse effect on our financial position, results of 0 operations and cash flows. 

TAXATION 

For US. federal income tax purposes, we are not a taxable entity. Generally, federal and state income 
taxes on our taxable income are borne by our individual partners through the allocation of our taxable 
income. Such taxable income may vary substantially from net income reported in our consolidated 
statements of income. 

AVAaABLE INFORMATION 

We file annual, quarterly and other reports, and any amendments to those reports, and information 
with the SEC under the Exchange Act. You may read and copy any materials that we file with the SEC at 
the SEC's Public Reference Room at 100 F Street, NE, Washington, DC 20549. You may obtain additional 
information about the Public Reference Room by calling the SEC at 1-800-SEC-0330. In addition, the SEC 
maintains an Internet site http:/lwww.sec.gov that contains reports, proxy and information statements, and 
other information regarding issuers that file electronically with the SEC, including ours. 

We also make available free of charge on or through our Internet website 
hnp:i/www.enbndgeparmers.com ow Annual Report on Form 10-K, Quarterly Reports on Form lO-Q, 
Current Reports on Form 8-K and other information statements, and if applicable, amendments to those 
reports filed or furnished pursuant to Section 13(a) of the Exchange Act, as soon as reasonably practicable 
after we electronically file such material with the SEC. Information contained on our website is not part of 
this report. 

Item 1A. Risk Factors 

Report on Form 10-K. 

RISKS RELATED TO OUR BUSINESS 

We encourage you to read the risk factors below in connection with the other sections of this Annual 0 
Ourfinancialperformance could be adversely affected ifour pipeline systems are used less. 

Our financial performance depends to a large extent on the volumes transported on our pipeline 
systems. Decreases in the volumes transported by our systems, whether caused by supply or demand factors 
in the markets these systems selve, competition or othenvise, can directly and adversely affect our 
revenues and results of operations. 

The volume of shipments on our Lakehead system depends heavily on the supplies of western 
Canadian crude oil. Insufficient supplies of western Canadian crude oil will adversely affect our business by 
limiting shipments on our Lakehead system. Decreases in conventional crude oil exploration and 
production activities in western Canada and other factors including supply disruption and competition can 
reduce the utilization of our Lakehead system. For example, in January 2005, deliveries on our Lakehead 
system were impacted by a fire at a Suncor facility. The volume of crude oil that we transport on the 
Lakehead system also depends on the demand for crude oil in the Great Lakes and Midwest regions of the 
United States and the delivery by others of crude oil and refined products into these regions and the 
Province of Ontario. Pipeline capacity for the delivery of crude oil to the Great Lakes and Midwest regions 
of the United States currently exceeds refining capacity. 

In addition, our ability to increase deliveries to expand the Lakehead system in the future depends on 
increased supplies of western Canadian crude oil. We expect that growth in future supplies of western 
Canadian crude oil will come from oil sands projects in Alberta, Canada. Furthermore, full utilization of 
additional capacity as a result of our current and future expansions of the Lakehead system, including the 
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Terrace expansion program, will largely depend on these anticipated increases in crude oil production 
from oil sands projects. 

The volume of shipments on natural gas systems depends on the supply of natural gas and NGLs 
available for shipment on those systems from the producing regions that supply these systems. Volumes 
shipped on these systems also are affected by the demand for natural gas and NGIs in the markets these 
systems serve. Existing customers may not extend their contracts if the availability of natural gas from the 
Mid-continent, Gulf Coast and East Texas producing regions was to decline or if the cost of transporting 
natural gas from other producing regions through other pipelines into the markets served by the natural 
gas systems was to render the delivered cost of natural gas on our systems uneconomical. We may be 
unable to find additional customers to replace the lost demand or transportation fees. 

Changes in our tariff rates or challenges to our tarip rates could have a material adverse effect on our 
financial condition and results of operatiom; a recent FERC Poliq Statement that limited allowances for income 
tax in an unrelated pipeline's cost of service, if applied to our FERC-regulated systems, could adverse5, affect 
our rates. 

The tariff rates charged by several of our existing pipelme systems are regulated by the FERC, or 
various state regulatory agencies. If one of these regulatory agencies, on its own initiative or due to 
challenges by third parties, were to lower our tariff rates, the profitability of our pipeline businesses might 
suffer. If we were permitted to raise our tariff rates for a particular pipeline, there might be significant 
delay between the time the tariff rate increase is approved and the time that the rate increase actually goes 
into effect, which delay could further reduce our cash flow. Furthermore, competition from other pipeline 
systems may prevent us from raising our tariff rates even if regulatory agencies permit us to do so. The 
regulatory agencies that regulate our systems periodically propose and implement new rules and 
regulations, terms and conditions of services subject to their jurisdiction. New initiatives or orders may 
adversely affect the tariff rates charged for our services. Some producing states, including Oklahoma and 
Texas, are considering legislation that would require rate and/or service regulation of gathering and 
intrastate transmission natural gas systems. Increased state regulation could adversely impact our natural 
gas systems. 

The question of whether and to what extent an income tax allowance should be included in a 
regulated utility's cost of service for rate-making purposes was a matter of uncertainty for a number of 
years. In a 1995 decision involving our Lakehead system, which we refer to as the Lakehead ruling, the 
FERC partially disallowed the inclusion of income taxes in the cost of service for the Lakehead system. A 
subsequent appeal of the Lakehead ruling was resolved by settlement and therefore was not adjudicated. In 
another FERC proceeding involving SFPP, the FERC initially relied on its previous Lakehead ruling to 
hold that SFPP could not claim an income tax allowance for income attributable to non-corporate 
partners, both individuals and other entities. SFPP and other parties to the proceeding appealed the 
FERC's orders to the United States Court of Appeals for the District of Columbia Circuit. On July 20, 
2004, in BP West Coasf Products LLC v. FERC, which we refer to as the BP West Coast decision, the United 
States Court of Appeals for the District of Columbia Circuit issued a decision upholding certain aspects of 
the FERC's orders regarding the SFPP case, but vacating the FERC's ruling regarding the proper tax 
allowance for SFPP. The United States Court of Appeals for the District of Columbia rejected the FERC's 
rationale for its Lakehead ruling and remanded the case to the FERC for further proceedings. 

In the wake of the BP West Coast decision, the FERC initiated a notice and comment process to 
address tax allowance issues across a range of industries. We and many other companies commented on 
the proceeding. On May 4,2005, the FERC issued a policy statement on income tax allowances, in which it 
reinstated its earlier policy of providing a full tax allowance on all partnership and similar legal interests in 
regulated companies if the owner of that interest has an actual or potential tax liability on the income 
earned through that interest. Whether a pipeline's owners have such actual or potential income tax liability 
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will be reviewed by the FERC on a case-by-case basis. On December 16, 2005, FERC issued its first 
case-specific oil pipeline review of the income tax allowance issue in the SFPP proceeding, reaffirming its 
new income tax allowance policy and directing SFPP to provide certain evidence necessary for the pipeline 
to determine its income tax allowance. The new tax allowance policy and the December 16 order have 
been appealed to the D.C. Circuit Court, and rehearing requests have been filed with respect to the 
December 16 order. As well as the SFF'P decision, which is currently on appeal, there are two other cases 
with respect to tax allowance pending in the D.C. Circuit Court including &on Mobil Oil Corporation v. 
FERC and CAPP v. FERC. 

The D.C. Circuit Court heard oral arguments on these cases on December 12, 2006. A decision is 
expected by April 2007. At this time, the ultimate outcome of these proceedings is not certain and could 
result in changes to the FERC's treatment of income tax allowances in cost of service. Whether the income 
tax allowance policy is ultimately upheld or modified on judicial review, wuld affect the tariffs of FERC- 
regulated pipelines. 

A related issue is whether the FERC's income tax allowance policy can be relied upon by shippers as a 
substantial change in circumstances sufficient to remove the grandfathering protection under the EP Act 
from an oil pipeline's rates. The FERC determined in the SFPP case that its policy statement on income 
tax allowances does not represent a change from its pre-EP Act policy and therefore, cannot affect 
grandfathering of rates, a position that is still potentially subject to further judicial review. 

At this time, the effect of the FERC's policy statement on income tax allowances on us is uncertain. 
The tariff rates on our common carrier interstate liquids pipelines have been established under a variety of 
different circumstances including settlements and tariff indexing. It is anticipated that a change in the 
income tax allowance policy would only impact those rates that were established after indexing. Even with 
the indexed rates, the income tax allowance is only one of many elements supporting our pipeline rates for 
service. Accordingly, we cannot predict with certainty what rates we will be allowed to charge in the future, 
or the potential impact on us of a change in the FERC's policy statement on income tax allowances. 

We believe that the rates we charge for transportation services on our interstate common carrier 
liquids pipelines are just and reasonable under the ICA. However, because the rates that we charge are 
subject to review upon an appropriately supported protest or complaint, we cannot predict what rates we 
will be allowed to charge in the future for service on our interstate common carrier liquids pipelines. 
Furthermore, because rates charged for transportation sewices must be competitive with those charged by 
other transporters, the rates set forth in our tariffs will be determined based on competitive factors in 
addition to regulatory considerations. 

0 

0 

Competition may reduce our revenues. 

Our Lakehead system faces current, and potentially further competition for transporting western 
Canadian crude oil from other pipelines, which may reduce our revenues. Our Lakehead system competes 
with other crude oil and refined product pipelines and other methods of delivering crude oil and refined 
products to the refining centers of Minneapolis-St. Paul, Minnesota; Chicago, Illinois; Detroit, Michigan; 
Toledo, Ohio; Buffalo, New York; and Sarnia, Ontario and the refinery market and pipeline hub located in 
the PatokaiWood River area of southern Illinois. Refineries in the markets served by our Lakehead system 
compete with refineries in western Canada, the Province of Ontario and the Rocky Mountain region of the 
United States for supplies of western Canadian crude oil. 

Our Ozark pipeline system could face a significant increase in competition if a proposed new pipeline 
from Hardisty, Alberta to Patoka is completed in 2009. However, if that situation occurs, we would 
consider potential alternative uses for our Ozark system. 

We also encounter competition in our natural gas gathering, treating, processing and transmission 
businesses. A number of new interstate natural gas transmission pipelines being constructed could reduce 
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the revenue we derive from the interstate and intrastate transmission of natural gas. Many of the large 
wholesale customers served by our systems’ transmission and wholesale customer pipelines have multiple 
pipelines connected or adjacent to their facilities. Thus, many of these wholesale customers have the ability 
to purchase natural gas directly from a number of pipelines and/or from third parties that may hold 
capacity on other pipelines. Likewise, most natural gas producers and owners have alternate gathering and 
processing facilities available to them. In addition, they have other alternatives, such as building their own 
gathering facilities or, in some cases, selling their natural gas supplies without processing. Some of our 
natural gas marketing competitors have greater financial resources and access to larger supplies of natural 
gas than those available to us, which could allow those competitors to price their services more aggressively 
than we do. 

Our gas marketing opemtions involve markel and certain regulatory risks. 

As part of our natural gas marketing activities, we purchase natural gas at prices determined by 
prevailing market conditions. Following our purchase of natural gas, we generally resell natural gas at a 
higher price under a sales contract that is generally comparable in terms to our purchase contract, 
including any price escalation provisions. The profitability of our natural gas operations may be affected by 
the following factors: 

our ability to negotiate on a timely basis natural gas purchase and sales agreements in changing 
markets; 

reluctance of wholesale customers to enter into long-term purchase contracts; 

consumers’ willingness to use other fuels when natural gas prices increase significantly; 

timing of imbalance or volume discrepancy corrections and their impact on financial results; 

the ability of our customers to make timely payment; 

inability to match purchase and sale of natural gas on comparable terms; and 

changes in, limitations upon, or elimination of the regulatory authorization required for our 
wholesale sales of natural gas in interstate commerce. 

Our results may be adversely affected by commodity price volatility and risks associnted with our hedging 
activifies. 

We buy and sell natural gas and NGLs in connection with our marketing activities. Commodity price 
exposure is also inherent in gas purchase and resale activities and in gas processing. To the extent that we 
engage in hedging activities to reduce our commodity price exposure, we may be prevented from realizing 
the full benefits of price increases above the level of the hedges. Further, hedging contracts are subject to 
the credit risk that the other party may prove unable or unwilling to perform its obligations under such 
contracts. In addition certain of the financial instruments we use to hedge our commodity risk exposures 
must be accounted for on a mark-to-market basis. This causes periodic earnings volatility due to turbulent 
commodity prices. 

Compliance with environmental and Operational safety regulations, including any remediation of soil or 
water pollution or hydrostatic testing of ourpipeline syslems, may increase our costs andlor reduce our revenues. 

Our pipeline, gathering, processing and trucking operations are subject to federal, state and local laws 
and regulations relating to environmental protection and operational and worker safety. Liquid petroleum 
and natural gas transportation and processing operations always involve the risk of costs or liabilities or 
operational modifications related to regulatory compliance as well as resulting from historical 
environmental contamination, accidental releases or upsets, regulatory enforcement, litigation or safety 
and health incidents. As a result, we may incur costs or liabilities of this type, or experience a reduction in 
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revenues, in the future. We may also incur costs in the future due to changes in environmental and safety 
laws and regulations, enforcement policies or claims for personal, property or environmental damage. We 
may not be able to recover these costs from insurance or through higher tariffs. 

Failure ofpipeline operations due to unforeseen interruptions or catastrophic events may adversely affect our 
business andfinancial condition. 

Operation of complex pipelme systems, gathering, treating, processing and trucking operations 
involves many risks, hazards and uncertainties, such as operational hazards and unforeseen interruptions 
caused by events beyond our control. These events include adverse weather conditions, accidents, the 
breakdown or failure of equipment or processes, the performance of the facilities below expected levels of 
capacity and efficiency and catastrophic events such as explosions, fires, earthquakes, hurricanes, floods, 
landslides or other similar events beyond our control. A casualty occurrence might result in injury or loss of 
life or extensive property or environmental damage for which we may bear a part or all of the cost. 

Our acquisition strategy may be unsuccessfnl if we incorrectly predict operating results, are unable to identify 
and compktefufure acquisitions and integrate acquired assets or businesses or are unable to raisefinancing on 
acceptable terms. 

The acquisition of complementary energy delivey assets is a component of our strategy. Acquisitions 
present various risks and challenges, including: 

the risk of incorrect assumptions regarding the future results of the acquired operations or expected 
cost reductions or other synergies expected to be realized as a result of acquiring such operations; 

the risk of failing to effectively integrate the operations or management of acquired assets or 
businesses or a significant delay in such integration; and 

diversion of management’s attention from existing operations. 
In addition, we may be unable to identify acquisition targets and consummate acquisitions in the 

future or be unable to raise, on terms we find acceptable, any debt or equity financing that may be required 
for any such acquisition. 

Our actual construction and development costs could exceed our forecast and our cash flow from 
construction and development projects may not be immediate which may limii our ability to increase cash 
distributions. 

Our strategy contemplates significant expenditures for the development, construction or other 
acquisitions of energy infrastructure assets. Increased demand for the stecl used to fabricate the pipe 
needed for our construction projects and increased competition for labor has resulted in increased costs 
for these resources. As a result, we may not be able to complete our projects at the costs currently 
estimated or within the time periods we have projected. If we experience material cost overruns, we will 
have to finance these overruns using one or more of the following methods: 

using cash from operations; 

delaying other planned projects; 

incumng additional indebtedness; or 

issuing additional equity. 

Any or all of these methods may not be available when needed or may adversely affect our future 
results operations and cash flows. 

Our revenues and cash flows may not increase immediately on our expenditure of funds on a 
particular project. For example, if we build a new pipeline or expand an existing facility, the design, 
construction, development and installation may occur ovcr an extended period of time and we may not 
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receive any material increase in revenue or cash flow from that project until after it is placed in service and 
customers begin using the systems. If our revenues and cash flow do not increase at projected levels 
because of substantial unanticipated delays, or other factors, we may not meet our obligations as they 
become due and we may need to reduce or reprioritize our capital budget, sell non-strategic assets, access 
the capital markets or reassess our level of distributions to unitholders to meet our capital requirements. 

Measurement losses on ourpipeline system can be material& impacted by changes in estimation, commodity 

Oil measurement losses occur as part of the normal operating conditions associated with ow liquid 

physical losses, which occur through evaporation, shrinkage, differences in measurement between 

degradation losses, which result from mixing at the interface between higher quality light crude oil 

revaluation losses, which are a function of crude oil prices and the level of the carrier’s inventory. 

Quantifying oil measurement losses is inherently difficult because physical measurements of volumes 
are not practical due to the fact that products constantly move through our pipelines and virtually all of our 
pipeline systems are located underground. In our case, measuring and quantifying oil measurement losses 
is especially difficult because of the sue and scope of our pipeline systems and the number of different 
grades of crude oil and types of crude oil products we carry. Accordingly, we utilize engineering-based 
models and operational assumptions to estimate product volumes in our system and associated oil 
measurement losses. 

Natural gas measurement losses occur as part of the normal operating conditions associated with our 
natural gas pipelines. The quantification and resolution of measurement losses is complicated by several 
factors including: 1) the significant quantities (Le., thousands) of measurement meters that we use 
throughout our natural gas systems, primarily around our gathering and processing assets; 2) vaqing 
qualities of natural gas in the streams gathered and processed through our systems; and 3) variances in 
measurement that are inherent in metering technologies. Each of these factors may contribute to  
measurement losses that can occur on our natural gas systems. 

prices and otherfactors. 

petroleum pipelines. The three types of oil measurement losses include: 

receipt and delivery locations and other operational incidents; 

and lower quality heavy crude oil in pipelines; and 

The interests of Enbridge may differ from our inferests and the interests of our security hokfers, and the 
hard  of directors of Enbridge Management may consider the interests of all parties to a conflict, notjust the 
interests of our security holders, in making important business decisions. 

Enbridge indirectly owns all of the stock of our general partner and all of the voting stock of Enbridge 
Management, and elects all of the directors of both companies. Furthermore, some of the directors and 
officers of our general partners and Enbridge Management are also directors and officers of Enbridge. 
Consequently, conflicts of interest could arise between our unitholders and Enbridge. 

Our partnership agreement limits the fiduciary duties of our general partner to our unitholders. These 
restrictions allow our general partner to resolve conflicts of interest by considering the interests of all of 
the parties to the conflict, including Enbridge Management’s interests, our interests and those of our 
general partner. In addition, these limitations reduce the rights of our unitholders under our partnership 
agreement to sue our general partner or Enbridge Management, its delegee, should its directors or officers 
act in a way that, were it not for these limitations of liability, would constitute breaches of their fiduciary 
duties. 
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We do not have any employees. In managing our business and affairs, we will rely on employees of 
Enbridge, and its affiliates, who will act on behalf of and as agents for us. A decrease in the availability of 
employees from Enbridge could adversely affect us. 

We are exposed to credit risk of our curtamers 

For example our Bamagas system has agreements to provide transportation of up to 276,000 
MMBtu/d of natural gas for a remaining period of 17 years to two utility plants that are indirectly owned by 
Calpine Corporation (“Calpine”). The Bamagas system receives a f i ed  demand charge of $0.07 per 
MMBtn of natural gas for 200,ooO MMBtn/d, regardless of whether the capacity is used. In 
December 2005, Calpine and many of its subsidiaries, including the subsidiary that owns the two utility 
plants semed by our Bamagas system, filed voluntarily petitions to restructure under Chapter 11 of the 
United States Bankruptcy Code. In connection with the bankruptcy filing, Calpine has announced receipt 
of commitments for up to $2 billion of Debtor in Possession, or DIP financing to allow for the continued 
operation of its power plants. Our Bamagas system is the sole supplier of natural gas to these two utility 
plants, and we expect the subsidiary that owns these utility plants to continue performing under the terms 
of our agreement. Although we fully expect our customer to continue to meet its obligations to us under 
the terms of the transportation agreements, we are exposed to a potential asset impairment of up to 
$53million, representing the book value of the pipeline, if the customer is unable to fulfill its 
commitments. In April 2006, Calpine announced its intent to sell approximately 20 of its non-core and 
non-strategic power plants, although the plants to be sold have not been announced. Calpine has continued 
to perform under the terms of its agreement with Bamagas and we remain confident that any losses we 
may incur with respect to Calpine’s bankruptcy will be minimal. We continue to monitor the Calpine 
bankruptcy proceedings and will recognize any losses that may result when it becomes evident that a loss 
has been incurred. 

Canada’s ratification of the Kyoto Protocol may adversely impact our operalions. 

In December 2002, Canada ratified the Kyoto Protocol, a 1997 treaty designed to reduce greenhouse 
gas emissions to 6% below 1990 levels. We and Enbridge are monitoring the Canadian federal 
government’s approach to implementation. While the United States is not a signatory to the Kyoto 
Protocol, other environmental protection initiatives have been implemented regulating certain priority 
pollutants. Revisions have been proposed to the U.S. Energy Act that would, if passed, expand the 
regulation of certain greenhouse gas emissions requiring a cap and establishing a trade to facilitate 
compliance. Such provisions would make natural gas pipelines the segment of the gas industry regulated by 
an amendment. While proposed legislation has not yet passed and as other legislation is being proposed 
the outcome is uncertain at this time. If and when these provisions pass the Partnership could be subject to 
additional costs to monitor and control emissions above and beyond current practices and permits. 
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RISKS ARISING FROM OUR PARTNERSHIP STRUCTURE AND RELATIONSHIPS WITH OUR 
GENERAL PARTNER AND ENBRIDGE MANAGEMENT 

Our partnership agreement and the dele@on of control agreement limit the fiduziary dulies thal Enbridge 
Management and our general partner owe to our unitholders and restrict the remedies available to our 
uniflwlders for actions taken by Enbridge Management and our general partner that might othmvise constifute a 
breach of ajiduciary duly. 

Our partnership agreement contains provisions that modify the fiduciary duties that our general 
partner would otheMise owe to our unitholders under state fiduciary duty law. Through the delegation of 
control agreement, these modified fiduciary duties also apply to Enbridge Management as the delegate of 
our general partner. For example, our partnership agreement: 

permits our general partner to make a number of decisions, including the determination of which 
factors it will consider in resolving conflicts of interest, in its “sole discretion.” This entitles our 
general partner to consider only the interests and factors that it desires, and it has no duty or 
obligation to give consideration to any interest of, or factors affecting, us, our affiliates or any 
unitholder; 

provides that any standard of care and duty imposed on our general partner will be modified, 
waived or limited as required to permit our general partner to act under our partnership agreement 
and to make any decision pursuant to the authority prescribed in our partnership agreement, so 
long as such action is reasonably believed by the general partner to be in our best interests; and 

provides that our general partner and its directors and officers will not be liable for monetary 
damages to us or our unitholders for any acts or omissions if they acted in good faith. 

These and similar provisions in our partnership agreement may restrict the remedies available to our 
unitholders for actions taken by Enbridge Management or our general partner that might otherwise 
constitute a breach of a fiduciary duty. 

Potential conflicts of interest may arise among Enbridge and its shareholders, on the one hand, and us and 
our unitholders and Enbridge Management and its shareholders, on the ather hand. Because the fiduciary duties 
of the directors of our general partner and Enbridge Management have been madified, the directors may be 
permitted to make decisions that benefit Enbridge and its shareholders or Enbridge Management and its 
shareholders more than us and our unitholders. 

Conflicts of interest may arise from time to time among Enbridge and its shareholders, on the one 
hand, and us and our unitholders and Enbridge Management and its shareholders, on the other hand. 
Conflicts of interest may also arise from time to time between us and our unitholders, on the one hand, 
and Enbridge Management and its shareholders, on the other hand. In managing and controlling us as the 
delegate of our general partner, Enbridge Management may consider the interests of all parties to a 
conflict and may resolve those conflicts by making decisions that benefit Enbridge and its shareholders or 
Enbridge Management and its shareholders more than us and our unitholders. The following decisions, 
among others, could involve conflicts of interest: 

whether we or Enbridge will pursue certain acquisitions or other business opportunities; 

whether we will issue additional units or other equity securities or whether we will purchase 
outstanding units; 

whether Enbridge Management will issue additional shares; 

the amount of payments to Enbridge and its affiliates for any services rendered for our benefit; 
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the amount of costs that are reimbursable to Enbridge Management or Enbridge and its affiliates 
by us; 

the enforcement of obligations owed to us by Enbridge Management, our general partner or 
Enbridge, including obligations regarding competition between Enbridge and us; and 

the retention of separate counsel, accountants or others to perform services for us and Enbridge 

In these and similar situations, any decision by Enbridge Management may benefit one group more 
than another, and in making such decisions, Enbridge Management may consider the interests of all 
groups, as well as other factors, in deciding whether to take a particular course of action. 

In other situations, Enbridge may take certain actions, including engaging in businesses that compete 
with us, that are adverse to us and our unitholders. For example, although Enbridge and its subsidiaries are 
generally restricted from engaging in any business that is in direct material competition with our 
businesses, that restriction is subject to the following significant exceptions: 

Management. 

Enbridge and its subsidiaries are not restricted from continuing to engage in businesses, including 
the normal development of such businesses, in which they were engaged at the time of our initial 
public offering in December 1991; 

such restriction is limited geographically only to those routes and products for which we provided 
transportation at the time of our initial public offering; 

Enbridge and its subsidiaries are not prohibited from acquiring any business that materially and 
directly competes with ns as part of a larger acquisition, so long as the majority of the value of the 
business or assets acquired, in Enbridge’s reasonable judgment, is not attributable to the 
competitive business; and 

Enbridge and its subsidiaries are not prohibited from acquiring any business that materially and 
directly competes with us if that business is first offered for acquisition to us and the board of 
directors of Enbridge Management and our unitholders determine not to pursue the acquisition. 

Since we were not engaged in any aspect of the natural gas business at the time of our initial public 
offering, Enbridge and its subsidiaries are not restricted from competing with us in any aspect of the 
natural gas business. In addition, Enbridge and its subsidiaries would he permitted to transport crude oil 
and liquid petroleum over routes that are not the same as our Lakehead system, even if such 
transportation is in direct material competition with our business. 

These exceptions also expressly permitted the reversal by Enhridge in 1999 of one of its pipelines that 
extends from Sarnia, Ontario to Montreal, Quebec. As a result of this reversal, Enbridge competes with us 
to supply crude oil to the Ontario, Canada market. 

We can issue additional common or other classes of units, including additional i-units to Enbridge 
Management when it issues additwnal shares, which would dilute your ownership interest. 

The issuance of additional common or other classes of units by us, including the issuance of additional 
i-units to Enbridge Management when it issues additional shares and the issuance of additional Class C 
units, other than our quarterly distributions to you, may have the following effects: 

the amount available for distributions on each unit may decrease; 

the relative voting power of each previously outstanding unit may decrease; and 

the market price of the Class A common units may decline. 
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Additionally, the public sale by our general partner of a significant portion of the Class B common 
units or Class C units that it currently owns could reduce the market price of the Class A common units. 
Our partnership agreement allows the general partner to cause us to register for public sale any units held 
by the general partner or its affiliates. A public or private sale of the Class B common units or Class C units 
currently held by our general partner could absorb some of the trading market demand for the outstanding 
Class A common units. 

We are a holding company and depend entire& on our operating subsidiaries’ dishib&’ons to service our 
debt obligations. 

We are a holding company with no material operations. If we cannot receive cash distributions from 
our operating subsidiaries, we will not be able to meet ow debt service obligations. Our operating 
subsidiaries may from time to time incur additional indebtedness under agreements that contain 
restrictions, which could further limit each operating subsidiiuy’s ability to make distributions to us. 

The debt securities we issue and any guarantees issued by the Subsidiary Guarantors will be 
structurally subordinated to the claims of the creditors of any of our operating subsidiaries who are not 
guarantors of the debt securities. Holders of the debt securities will not be creditors of our operating 
subsidiaries who have not guaranteed the debt securities. The claims to the assets of these non-guarantor 
operating subsidiaries derive from our own ownership interest in those operating subsidiaries. Claims of 
our non-guarantor operating subsidiaries’ creditors will generally have priority as to the assets of such 
operating subsidiaries over our own ownership interest claims and will therefore have priority over the 
holders of our debt, including the debt securities. Our non-guarantor operating subsidiaries’ creditors 
may include: 

general creditors; 

trade creditors; 

secured creditors; 

taxing authorities; and 

creditors holding guarantees. 

Enbridge Management’s discretion in establishing our cash reserves gives it the ability to reduce the amount 
of cash available for dishibution to our unitholders. 

Enbridge Management may establish cash reserves for us that in its reasonable discretion are 
necessary to fund our future operating and capital expenditures, provide for the proper conduct of 
business, and comply with applicable law or agreements to which we are a party or to provide funds for 
future distributions to partners. These cash reserves affect the amount of cash available for distribution to 
our holders of common units. 

RISKS RELATED TO OUR DEBT AND OUR ABILITY TO DISTRIBUTE CASH 

Agreemenfs relating to our debt restriCr our ability to make distributions, which could adversely affect the 
value of our Class A Common Units, and our ability to incur additional debt and otherwise maintain financial 
and operatingflexibility. 

Our primary operating subsidiary is prohibited by its First Mortgage Notes from making distributions 
to us, and we are prohibited by our credit facility from making distributions to our unitholders, if a default 
exists under the respective governing agreements. In addition, the agreements governing our credit facility 
and our subsidiary’s First Mortgage Notes may prevent us from engaging in transactions or capitalizing on 
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business opportunities that we believe could be beneficial to us by requiring us to comply with various 
covenants, including the maintenance of certain financial ratios and restrictions on: 

incurring additional debt; 

entering into mergers or consolidations or sales of assets; and 

granting liens. 

Although the indentures governing our senior notes do not limit our ability to incur additional debt, 
they impose restrictions on our ability to enter into mergers or consolidations and sales of assets and to 
incur Liens to secure debt. A breach of any restriction under our credit facility or our indentures or our 
subsidiary’s First Mortgage Notes could permit the holders of the related debt to declare all amounts 
outstanding under those agreements immediately due and payable and, in the case of the credit facility, 
terminate all commitments to extend further credit. Any subsequent refinancing of our current debt or any 
new indebtedness incurred by us or our subsidiaries could have similar or greater restrictions. 

TAX RISKS TO COMMON UNITHOLDERS 

0 

We may be classified as an association taxable as a corporalion rather than as a partnership, which would 

We could be treated as a corporation for United States income tax purposes. Our treatment as a 
corporation would substantially reduce the cash distributions on the common units that we distribute 
quarterly. Moreover, treatment of us as a corporation could materially and adversely affect our ability to 
make payments on our debt securities. The anticipated benefit of an investment in our common units 
depends largely on the treatment of us as a partnership for federal income tax purposes. Under current 
law, we are treated as a partnership for federal income tax purposes and do not pay any federal income tax 
at the entity level. In order to qualify for this treatment, we must derive more than 90% of our annual gross 
income from specified investments and activities. While we believe that we currently do qualify and intend 
to meet this income requirement, we may not find it possible, regardless of our efforts, to meet this income 
requirement or may inadvertently fail to meet this income requirement. Current law may change so as to 
cause us to be treated as a corporation for federal income tax purposes without regard to our sources of 
income or otherwise subject us to entity-level taxation. If we were to be treated as a corporation for federal 
income tax purposes, we would pay federal income tax on our income at the corporate tax rate, which is 
currently a maximum of 35% and would pay state income taxes at varying rates. Under current law, 
distributions to unitholders would generally be taxed as a corporate distribution. Because a tax would be 
imposed upon us as a corporation, the cash available for distribution to a unitholder would be substantially 
reduced. Treatment of us as a corporation would cause a substantial reduction in the value of our units. 

In addition, several states are evaluating ways to subject partnerships to entity-level taxation through 
the imposition of state income, franchise, or other forms of taxation. State tax legislation resulting in the 
imposition of a partnership-level income tax on us would reduce the cash distributions on the common 
units and the value of the i-units that we will distribute quarterly to Enbridge Management. The enactment 
of significant legislation imposing partnershiplevel income taxes could cause a reduction in the value of 
our units. 

substantially reduce the value of our Class A common units. 

0 

If the Internal Revenue Service docs not respect our curative tax allocations, the afler-tax return to our 
unitholders on their inveshnent in our Class A common units would be adversely affected. 

Our partnership agreement allows curative allocations of incomc, deduction, gain and loss by us to 
account for differences between the tax basis and fair market value of property at the time the property is 
contributed or deemed contributed to us and to account for differences between the fair market value and 
book basis of our assets existing at the time of issuance of any Class A common units. If the Internal 
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Revenue Service, which we refer to as the IRS, does not respect our curative allocations, ratios of taxable 
income to cash distributions received by the holders of Class A common units will he materially higher 
than previously estimated 

The tax liabilio of our unitholders could exceed their distributions or proceeds from sales of Class A 

The holders of our ClassA common units will he required to pay United States federal income tax 
and, in some cases, state and local income taxes on their allocable share of our income, even if they do not 
receive cash distributions from us. They will not necessarily receive cash distributions equal to the tax on 
their allocable share of our taxable income. Further, if we have a large amount of nonrecourse liabilities, 
they may incur a tax liability that is greater than the money they receive when they sell their Class A 
common units. 

common units. 

A unitholder may be required to jile tax returns with and pay income taxes to the states where we or our 
subsidiaries own pmperfy and conduct business. 

In some cases, a unitholder may he required to file income tax returns with and pay income taxes to 
the states in which we or our subsidiaries own property and conduct business, which are currently 
Alabama, Arkansas, Florida, Georgia, Illinois, Indiana, Kansas, Kentucky, Louisiana, Michigan, 
Minnesota, Mississippi, Missouri, Montana, New York, South Carolina, North Carolina, North Dakota, 
Oklahoma, Tennessee, Texas and Wisconsin. In the future, we may acquire property or do business in 
other states or in foreign jurisdictions. In addition to tax liabilities to such state and foreign jurisdictions, 
the owner of a Class A common unit may also incur tax and filing responsibilities to localities within such 
jurisdictions. 

Ownership of C h s  A common units raises issues for tax-emmpt en&ities and other investors. 

An investment in our Class A common units by tax-exempt entities, including employee benefit plans, 
individual retirement accounts, Keogh plans and other retirement plans, regulated investment companies 
and foreign persons raises issues unique to them. Virtually all of the income derived from ow Class A 
common units by a tax-exempt entity will be “unrelated business taxable income” and will he taxable to the 
tax-exempt entity. Further, a unitholder who is a nonresident alien, a foreign corporation or other foreign 
person will be required to file a federal income tax return and pay tax on his share of our taxable income 
because he will be regarded as being engaged in a trade or business in the United States as a result of his 
ownership of a Class A common unit. 

Our registration with the Secretary of the Treasury as a “tax sheIter”may increase your risk of an IRS audit. 

Because we are a registered “tax shelter” with the Secretary of the Treasury, a unitholder may face an 
increased risk of an IRS audit resulting in taxes payable on our income as well as income not related to us. 
We could be audited by the IRS and adjustments to our income or losses could he made. Any unitholder 
owning less than a 1% profit interest in us has very limited rights to participate in the income tax and audit 
process. Further, any adjustments in our tax returns will lead to adjustments in the unitholders’ tax returns 
and may lead to audits of unitholders’ tax returns and adjustments of items unrelated to us. Each 
unitholder is responsible for any tax owed as the result of an examination of their personal tax return. 
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Our treatment of a purchaser of Class A common units as having the same tax benefits as the seller could be 
challenged, resulting in a reduction in value of the Chs A common units. 

Because we cannot match transferors and transferees of Class A common units, we are required to 
maintain the uniformity of the economic and tax characteristics of these units in the hands of the 
purchasers and sellers of these units. We do so by adopting certain depreciation conventions that do not 
conform to all aspects of the United States Treasury regulations. An IRS challenge to these conventions 
could adversely affect the tax benefits to a unitholder of ownership of the Class A common units and could 
have a negative impact on their value. 

Item 1B. Unresolved Staff Comments 

None. 

Item 2. Properties 

A description of our properties and maps depicting the locations of our liquids and natural gas 
systems are included in Item 1. Business, which is incorporated herein by reference. 

In general, our systems are located on land owned by others and are operated under perpetual 
easements and rights of way, licenses or permits that have been granted by private land owners, public 
authorities, railways or public utilities. The pumping stations, tanks, terminals and certain other facilities of 
our systems are located on land that is owned by us, except for five pumping stations that are situated on 
land owned by others and used by us under easements or permits. 

Substantially all of our Lakehead system assets are subject to a first mortgage lien collateralizing 
indebtedness of our Lakehead Partnership. 

Titles to our properties acquired in the Midcoast system acquisition are subject to encumbrances in 
some cases. We believe that none of these burdens should materially detract from the value of these 
properties or materially interfere with their use in the operation of our business. 

Item 3. Legal Proceedings 

We are a participant in various legal proceedings arising in the ordinary course of business. Some of 
these proceedings are covered, in whole or in part, by insurance. We believe the outcome of all these 
proceedings will not, individually or in the aggregate, have a material adverse effect on our financial 
condition. 

Item 4. Submission of Matters to a Vote of Security Holders 

No matters were submitted to a vote of security holders during the fourth quarter of 2006. 
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PART I1 

Item 5. Market for Registrant’s Common Equity and Related Unitholder Matters 

Our Class A common units are listed and traded on the NYSE, the principal market for the Class A 
common units, under the symbol “EEP.” The quarterly price ranges per Class A common unit and cash 
distributions paid per unit for 2006 and 2005 are summarized as follows: 

Fint Second Third Fourth ~ ~ - -  
2006 Quarters 
High ....................................... $47.80 $44.80 $49.51 $50.99 
Low ....................................... $42.88 $42.00 $43.26 $46.10 
Cash distributions paid.. ..................... $0.925 $0.925 $0.925 $0.925 

2005 Quarters 
High ....................................... $55.66 $54.32 $57.08 $55.99 
Low ....................................... $47.90 $48.75 $50.40 $42.00 
Cash distributions paid.. ..................... $0.925 $0.925 $0.925 $0.925 

On Februaly 21, 2007 the last reported sales price of our Class A common units on the NYSE was 
$52.58. At Februaly 21, 2007, there were approximately 78,000 Class A common unitholders, of which 
there were approximately 2,000 registered Class A common unitholders of record. There is no established 
public trading market for our Class 8 common units, all of which are held by the General Partner, our 
Class C units, 50 percent of which are held by the General Partner and 50 percent of which are held by an 
institutional investor, or our i-units, all of which are held by Enbridge Management. 
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Item 6. Selected Financial Data 

The following table sets forth, for the periods and at the dates indicated, our summary historical 
financial data. The table is derived, and should be read in conjunction with, our audited consolidated 
financial statements and notes thereto beginning at page F-1. See also "Item 7. Management's Discussion 
and Analysis of Financial Condition and Results of Operations." 

0 

Income Statement Data:""'"" 
Operating revenue 
Operating expense 
Operating income 
Interest expense.. 
Rate refunds.. .......................... 
Other income (expense) ............... 
Minority interest. ........................ 
Net income ............................. 
Net income per limited partner 

unit (basic and diluted)"' , . . 
Cash distributions paid per unit.. .......... 

Properly, plant and equipment, net ........ 
Total assets ............................. 
Long tern debt, excluding current 

maturities ............................ 
Loans from General Partner and affiliates . . 
Partners' capital: 

Financial Position Data (at year end):""""' 

. .  

Class A common units. 
Class B common units.. ................ 

0 
. . . . . . . . . . . . . . . . .  

Accumulated othcr comprehensive 

Yearended Deeember31. 

(dollars in millions, except per "nil Pmoonts) 
2006 2005 2004 2003 2002 

~~~~ 

$6,509.0 $6,476.9 $4,291.7 $3,172.3 $1,185.5 
6,122.1 6,285.0 4,054.5 2,978.0 1,047.5 

386.9 191.9 237.2 194.3 138.0 
~~~~~ 

(110.5) (107.7) (88.4) (85.0) (59.2) 
- - (13.6) - - 

8.5 5.0 3.0 2.4 (0.2) 
- - - - 

$ 3.62 $ 1.06 $ 2.06 $ 1.93 
$ 3.70 $ 3.70 $ 3.70 $ 3.70 

$3,824.9 $3,080.0 $2,778.0 $2,465.6 
5,223.8 4,428.4 3,770.7 3,231.8 

2,066.1 1,682.9 1,559.4 1,155.8 
- 151.8 142.1 133.1 

1,141.7 1,142.4 1,021.6 914.9 
67.6 67.2 66.7 64.2 

509.8 
466.3 421.7 399.4 370.7 
47.6 34.6 31.0 27.5 

~~~~ 
~~~~ 

~~~~ _ _ _ _ _ _ _ _ _ _ _  

- - - 

$ 1.76 
$ 3.60 

$2,253.3 
2,834.9 

1,011.4 
444.1 

604.8 
48.7 

335.6 
18.8 

~ 

~ 

- 

(1oss)income .......................... (189.6) (302.1) (120.8) (64.0) (16.3) 
Partners'capital., ....................... $2,043.4 $1,363.8 $1,397.9 $1,313.3 $ 991.6 

~~~~~ 
~~~~~ 

Cash Flow 
Cash flows provided by operating activities.. $ 321.6 $ 267.1 $ 245.4 $ 148.2 $ 200.8 
Cash flows used in investing activities ...... (867.0) (437.1) (419.1) (431.0) (557.2) 
Cash flows provided by financing 

activities. ............................. 640.2 181.5 187.6 286.9 376.5 
Acquisitions and capital expenditures 

included in investing activities, net of 
cash acquired ......................... (897.7) (531.2) (429.8) (423.5) (563.9) 

. . .  

Notes to Selected Financial Data: 
( I )  The allocation of net income to the General Partner in the following amounts has been deducted 

before calculating net income per unit: 2006, $30.9 million; 2005, $23.5 million; 2004, $22.5 million; 
2003, $19.6 million; and 2002, $13.1 million. 
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(a Our income statement, financial position and cash flow data reflect the following acquisitions and 
dispositions: 

April 2006, acquisition of a natural gas pipeline in east Texas; 

December 2005, disposition of assets on the East Texas and South Texas systems; 

January 2005, acquisition of the natural gas gathering and processing asset in north Texas; 

March 2004 acquisition of the Mid-Continent system; 

December 2003 acquisition of the North Texas system; 

October 2002 acquisition of the Midcoast system including natural gas gathering and transmission 
pipelines, and natural gas treating and processing assets in the Mid-continent and Gulf Coast 
regions of the United States; 

Our income statement, financial position and cash flow data include the effect of the following debt 
issuances: 

The December 2006 issuance of $300 million of senior unsecured notes; 

The September 2005 amendment of our credit facility to extend the letter of credit sublimit from 
$175 million to $300 million and increase the commitments available from $600 million to $800 
million maturing in 2010, and the subsequent extension of the commitments available to $1 billion 
in March 2006. 

0) 

The April 2005 establishment of a $600 million commercial paper program; 

The December 2004 issuance of $300 million of senior unsecured notes; 

The April 2004 amendment of our credit facilities to terminate the 364day revolving credit facility 

The January 2004 issuance of $200 million of senior unsecured notes; 

The May 2003 issuance of $400 million of senior unsecured notes; and 

The Januaiy 2002 replacement of the $350 million Revolving Credit Facility with a $300 million 

Our income statement, financial position and cash flow data include the effect of the following limited 
partner unit issuances: 

The August 2006 issuance of approximately 10.8 million Class C units in equal amounts to our 
general partner and an institutional investor and subsequent Class C unit distribution of 0.2 million 
in lieu of cash distributions; 

The December 2005 issuance of 0.13 million Class A common units; the November 2005 issuance 
of 3.0 million Class A common units; and the February 2005 issuance of 2.5 million Class A 
common units; 

The September 2004 issuance of 3.68 million Class A common units; and the January 2004 issuance 
of 0.45 million Class A common units; 

The December 2003 issuance of 5.0 million Class A common units; and the May 2003 issuance of 
3.9 million Class A common units; 

The March 2002 issuance of 2.3 million Class A common units; and 

The October 2002 issuance of 9.0 million i-units and subsequent quarterly i-unit distributions during 
2006, 2005, 2004, 2003 and 2002, respectively, of 1.0 million, 0.8 million, 0.8 million, 0.8 million and 
0.2 million, in lieu of cash distributions. 

and increase the Three-year term credit facility to $600 million maturing in 2007; 

Three-year term credit facility and a $300 million 364-day Facility. 
(9 
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Item 7. Management’s Discussion and Analysis of Financial Condition and Results of Operations 

The following discussion and analysis of our financial condition and results of operations is based on 
and should be read in conjunction with our Consolidated Financial Statements and the accompanying 
notes beginning on page F-1 of this Annual Report on Form 10-K. 

RESULTS OF OPERATIONS-OVERVIEW 

We provide services to our customers and returns for our unitholders primarily through the 

Interstate pipeline transportation and storage of crude oil and liquid petroleum; 

Gathering, treating, processing and transportation of natural gas and NGIs through pipelines and 

Providing supply, transportation and sales services, including purchasing and selling of natural gas 

We conduct our business through three business segments: Liquids, Natural Gas and Marketing. 
These segments are strategic business units established by senior management to facilitate the achievement 
of our long-term objectives, to aid in resource allocation decisions and to assess operational performance. 

Our Liquids segment includes the operations of our Lakehead, North Dakota and Mid-Continent 
systems. Each of these systems largely consists of FERC-regulated interstate crude oil and liquid 
petroleum pipelines. Our Mid-Continent system is also one of the largest above ground crude oil storage 
facilities in North America, with the majority of the capacity available for contract storage not subject to 
regulation by the FERC. Each of these systems generates most of its revenues by charging shippers a per 
barrel tariff rate to transport and store crude oil and liquid petroleum. 

Our Natural Gas segment consists of natural gas gathering and transmission pipelines, including four 
FERC-regulated interstate natural gas transmission pipelines, as well as natural gas treating and 
processing plants and related facilities. The revenues of our Natural Gas segment are derived from the fees 
we charge to gather and process natural gas and the rates we charge to transport natural gas on our 
pipelines. 

Our Marketing segment provides supply, transmission, storage and sales services to producers and 
wholesale customers on our gathering, transmission and customer pipelines, as well as other 
interconnected pipeline systems. Our Marketing activities are primarily undertaken to realize incremental 
revenue on gas purchased at the wellhead, increase pipeline utilization and provide other services that are 
valued by our customers. 

Several types of arrangements in our Natural Gas and Marketing segments expose us to market risk 
associated with changes in commodity prices where we receive natural gas or NGLs in return for the 
services we provide, or where we purchase natural gas or NGLs. We employ derivative financial 
instruments to reduce our exposure to natural gas and NGL prices. Some of these derivative financial 
instruments do not qualify for hedge accounting under the provisions of SFAS No. 133, which can create 
volatility in our earnings that can be significant. However, these fluctuations in earnings do not affect our 
cash flow. Cash flow is only affected when we settle the derivative financial instrument. 

following activities: 

related facilities; and 

and NGIs. 
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The following table reflects our operating income by business segment and corporate charges for each 
of the years ended December 31: 

2006 2005 2004 
(in millions) 

~~~ 

Operating Income 
Liquids ......................................... $ 199.8 $ 127.3 $139.1 
Natural Gas .................................... 133.9 110.5 98.1 
Marketing ............................ 56.1 (42.4) 3.6 
Corporate, operating and administrative . (3.5) (2.9) (3.6) 

Total Operating Income.. .......................... 386.9 191.9 237.2 
Interest expense.. ............................... (110.5) (107.7) (88.4) 
Rate refunds. ................................... - - (13.6) 

.................................. 8.5 5.0 3.0 Other income. 
............... .... $ 284.9 $ 89.2 $138.2 Net Income.. 

~~~ 

~ _ _ _ _  _ _ _ _ _ _ _ _ _ _  

Summury Analysis of Operuting Results 

Liquids 

Our Liquids segment contributed operating income of $199.8 million in 2006, or $72.5 million more 
than the $127.3 million contributed in 2005. The operating income of our Liquids segment in 2006 was 
affected by the following factors: 

Higher volumes on our Lakehead system following completion of the repair and expansion of a 
major oil sands plant that was damaged by fire in early January 2005, partially offset by higher 
power costs associated with the increased volumes; 

The annual index rate increase effective July 1,2006, which increased our average tariffs; 

Longer transportation hauls on our Lakehead system; and 

Lower oil measurement losses. 

Natural Gas 

Operating income from our Natural Gas segment grew to $133.9 million in 2006 representing an 
increase of $23.4 million over the $110.5 million generated in 2005. The increased contribution of our 
Natural Gas segment is attributable to the following: 

Average daily volume on our major natural gas systems was 13 percent greater in 2006 than in 2005, 
due to continuing investments to expand the capacity of our three largest natural gas systems. The 
volume and revenue growth is also the result of additional wellhead supply contracts and robust 
drilling activity in the Anadarko basin, Bossier Trend and Barnett Shale. Also contributing to the 
increase in volumes is an 80-mile pipeline we acquired in April 2006 that is complimentaty to our 
existing East Texas system and provided approximately 75,500 million British thermal units per day, 
or  MMBtuid, of incremental volume. 

Increased processing capacity from the expansion of our existing Zybach processing facility on our 
Anadarko system that we completed in the second quarter of 2006 and the construction of our 
Henderson natural gas processing facility on our East Texas system completed in the third quarter 
of 2006. 
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Favorable commodity prices where NGL and crude oil prices remained high relative to natural gas 
prices, which have declined from the high prices reached in late 2005, contributed to improved 
results from our processing activities. 

NGL purchase, transportation and fractionation costs that are predominantly associated with prior 
years were corrected in 2006, partially offsetting the increased contribution to operating income 
discussed above. 

Also partially offsetting the improvements to operating income noted above are increases in 
operating and administrative costs that are mostly variable with the incremental volumes gathered, 
processed and transported on our systems and the workforce related costs we are charged for the 
additional resources and related benefits necessary to operate and support our existing assets and 
the expansion of our natural gas systems. Additionally, our repair and maintenance costs have 
increased due to additional pipeline integrity and other work we perform to maintain the service 
capability of our systems. 

Marketing 

Operating income from our Marketing segment increased in 2006 from operating losses for the 
comparable period in 2005. The change in operating income from 2005 to 2006 resulted from the 

Unrealized, non-cash mark-to-market net gains for 2006 of $64.5 million compared with non-cash 
mark-to-market net losses of $50.3 million for ZOOS. The gains resulted from the change in market 
value of our derivative financial instruments that do not qualify for hedge accounting; 

Partially offsetting the unrealized mark-to-market gains is a non-cash charge of $17.0 million for the 
year ended December 31, 2006, resulting from a lower of cost or market accounting adjustment to 
the cost basis of our natural gas inventory. The market price for natural gas in various storage 
locations experienced declines during the year from the prices at which the inventory was 
purchased. We use derivative financial instruments to fix the price of our forecasted sales of 
inventory and as a result we expect that a majority of this charge will be offset by future financial 
and physical transactions that will settle at the time we sell the inventory. 

following: 

Derivative Transactions and Hedging Activities 

We record all financial instruments in the consolidated financial statements at fair market value 
pursuant to the requirements of SFAS No. 133. For those derivative financial instruments that do not 
qualify for hedge accounting, all changes in fair market value are recorded through our Consolidated 
Statements of Income each period. The fair market value of these derivative financial instruments reflects 
the estimated amounts that we would pay or receive to terminate or close the contracts at the reporting 
date, although that is not our intent. 

Declining natural gas prices during our fiscal year ended December 31, 2006, produced non-cash 
mark-to-market gains of $64.4 million and positively affected our operating results. Mark-to-market gains 
or losses create volatility in our results. The derivative financial instruments we have in place do not affect 
our cash flow until they are settled. We expect these non-cash gains or losses to reverse in future periods as 
we settle the derivative financial instruments against the underlying physical transactions. Because of the 
economic benefit we receive by minimizing the volatility in our cash flows by using derivative financial 
instruments to hedge our portfolio of natural gas and NGLs, we intend to continue using them. Our 
continued use of derivative financial instruments may result in additional unrealized, non-cash gains or 
losses in the future. 



The following table presents the unrealized gains and losses associated with changes in the fair value 
of our derivatives, which are recorded as an element of Cost of natural gas in our Consolidated Statements 
of Income and disclosed as a reconciling item on our Statements of Cash Flows: 

December 31, December 31, December 31, 

(in millions) 
Derivative fair value zains (losses) 2W6 2005 2004 

Natural Gas segment 
Hedge ineffectiveness. ................ S(1.9) $ (2.5) S(l.1) 
Non-qualified hedges 1.8 (5.6) 

Non-qualified hedges 64.5 (41.3) (2.1) 
Discontinued hedges. ................. - g.Cl-) - 

Derivative fair value gains (losses). ....... $64.4 $0 $0 

- ................. 
Marketing 

................. 
~ ___ 

~ 
~ __ ~ 

De-designation and Settlement of Derivatives 

In connection with the sale of assets in December 2005, as discussed in Note 3 to the Consolidated 
Financial Statements beginning on page F-l of this report, we settled for cash of approximately $16.3 
million, natural gas collars representing derivative financial instruments on sales of 2,000 MMBtuid of 
natural gas through 2011. We had previously recorded unrealized losses associated with the natural gas 
collars that were realized upon settlement. Additionally, we de-designated derivative financial instruments 
that qualified for and were designated as cash flow hedges of forecasted sales of 273 Bpd of NGLs through 
2007 and contemporaneously closed out the position by entering into an offsetting derivative financial 
instrument, at market, on forecasted purchases of 273 Bpd of NGLs through 2007. 

56 



RESULTS OF OPERATIONS-BY SEGMENT 

Liquids 

Our Liquids segment includes the operations of our Lakehead, North Dakota, and Mid-Continent 
systems. We provide a detailed description of each of these systems in Item 1.-Business. The following 
tables set forth the operating results and statistics of our Liquids segment for the periods presented: 

26% 2W5 2004 
(dollars in millions) 

_ _ _ _ _ _ _  
Operating Results 
Operating revenues.. ................................ $512.8 $418.0 $409.3 
Operating and administrative ......................... 141.3 144.2 128.9 
Power. ............................ 107.6 74.8 72.8 

...... 64.1 71.7 68.5 Depreciation and amortization. 
Operating expenses.. ................................ 313.0 290.7 270.2 

. . .  .................. $199.8 $127.3 $139.1 Operating Income. 

Operating Statistics 
Lakehead system: 

~~~ 

_ _ _ _ -  
~~~ 

~~~ 
~~~ 

United States“’ ................................... 1,204 1,036 1,064 
............................. 313 303 358 Province of Ontario”’. 

Total deliveries”’. ................................. 1,517 1,339 1,422 
........... .... 400 338 367 Barrel miles (billions) 

. . .  . . .  ......... 722 692 706 Average haul (miles). 
................... 244 236 237 Mid-Continent system deliveries“’”’ 

..................... 92 87 85 North Dakota system deliveries”’. 
Total Liquids Segment Delivery Volumes“’ ............. 1,853 1,662 1,744 

_ _ _ _ ~  

~~~ _ _ ~ ~  
_ _ _ _ ~  
~~~ 

~~~ 
~~~ 

~~~ ~ ~ _ _  

~~~ 
~~~ 

~~~ 
~~~ 

(I’ 

(’1 

Year ended December 31, 2006 compared with year ended December 31, 2005 

Our Liquids segment accounted for $199.8 million of operating income in 2006, representing an 
increase of $72.5 million over 2005. The favorable results of the Liquids segment assets reflect continuing 
growth in our transportation volumes while actively managing the costs of our services. The majority of this 
increase related to significantly improved results on our Lakehead system. 

Operating revenue in 2006 increased by $94.8 million to $512.8 million, compared with $418.0 million 
in 2005. As indicated in the table above, total delivery volumes of our Liquids segment averaged 1.853 
million Bpd in 2006, representing a 0.191 million Bpd increase from the 1.662 million Bpd delivered in 
2005. This accounted for an increase in operating revenues of approximately $48.0 million. The increases 
in deliveries on our Liquids systems are primarily derived from increased production of Western Canadian 
crude oil delivered on our Lakehead system. The increases in deliveries are attributable to the following: 

Suncor, an oil sands producer in Alberta, Canada, experienced a fire at its upgrade site in 
January 2005, which affected production for the majority of 2005. In late September 2005, Suncor 
completed repairs and an expansion to its upgrader site. Suncor’s production levels have increased 
since that time. 

Average barrels per day in thousands 

Ten months of deliveries in 2004. 
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Conventional light, heavy crude oil and bitumen production have increased as existing and new 
facilities were commissioned during 2006. 

Syncrude, another oil sands producer in Alberta completed its Stage 3 expansion and initiated 
production on its Coker 8-3 unit in May 2006 enabling all Stage 3 units to he brought on line. 
However, shortly following start up, an ammonia leak resulted in its closure until August 2006. 
Additionally, as a result of a leak discovered in November, the Coker 8-2 unit was closed for 
turnaround into 2007. The Stage 3 expansion is designed to increase productive capacity from 
250,000 Bpd to an average 350,000 Bpd of a light synthetic crude oil. Our deliveries in 2006 were 
marginally higher as a result of Syncrude’s completion and start up of its Stage 3 expansion. 

Contributing to the revenue growth of our Liquids segment are the increases in the average tariffs on 
all three of our Liquids systems. These tariff increases were partly the result of the annual index rate 
increase allowed by the FERC. On our Lakehead system, we increased our rates by an average of three 
percent. Also on our Lakehead system, new tariffs went into effect on April 1, 2006 for an adjustment on 
the Terrace expansion program surcharge due to lower than expected volumes moving on the Iakehead 
system, and new facilities in service, that were not operating during 2005. These tariff increases, along with 
the four percent increase in average hauls from 692 miles in 2005 compared with 722 in 2006 resulted in a 
combined increase in operating revenue of approximately $35.4 million. 

Continuing volume growth related to our Mid-Continent storage terminal system in Cushing, 
Oklahoma, and El Dorado, Kansas, has resulted in an increase in operating revenue of approximately $6.8 
million compared with 2005. Net capacity additions in 2006 bring the total storage capacity to 97 tanks and 
approximately 12.8 million barrels. This additional storage capacity is expected to provide ongoing fixed, 
variable, and spot storage revenue. 

Operating and administrative expenses for 2006 were $141.3 million, or $2.9 million less than in 2005, 
primarily as a result of decreased oil measurement losses which are partially offset by increased workforce 
related costs and materials, supplies, and other general costs. 

Workforce related costs increased due to the additional resources and related benefit costs we are 
charged for the operational, administrative, regulatory and compliance support necessary for our growing 
systems. Our general partner charges us the costs associated with employees and related benefits for 
personnel that are assigned to us or othenvise provide us with managerial and administrative services. The 
portion of compensation and related costs we are charged is dependent upon such items as estimated time 
spent, miles of pipe and headcount. We have experienced an increase in workforce related costs as a result 
of the growth and expansion of our Liquids system operations. We expect these costs will continue to 
increase in future periods as we continue to expand our Liquids system operations. 

Materials, supplies and other, and Repair and maintenance costs were both higher in 2006 compared 
with 2005 due to higher pipeline inspection costs associated with our pipeline integrity management 
programs, increased outside contractor services, field inventory adjustments and other general costs. 

Inventory adjustments include oil measurement losses, which occur as part of the normal operating 
conditions associated with our Liquids pipelines, include the following three elements: 

physical losses, which occur through evaporation, shrinkage, differences in measurement between 

degradation losses, which result from mixing at the interface between higher quality light crude oil 

revaluation losses, which are a function of crude oil prices, the level of the carrier’s inventory and 

receipt and delivery locations and other operational factors; 

and lower quality heavy crude oil in pipelines; and 

the inventory positions of customers. 
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During the fourth quarter of 2005, we identified certain operating conditions on connected third-party 
systems that were contributing to higher levels of physical losses on our Lakehead system. Improvements 
to our oil measurement processes have resulted in fewer physical losses during 2006 on our Lakehead and 
Mid-Continent systems. We expect these improvements to have a continuing positive impact on our oil 
measurement losses going forward. 

Power costs increased $32.8 million in 2006, compared with 2005, primarily due to the increase in 
volumes transported on our Lakehead system and higher electricity rates we are charged by our power 
suppliers. We have experienced a trend of increasing electricity rates from our power suppliers due to 
higher natural gas costs. 

We completed a depreciation study of the Lakehead system in the first quarter of 2006 that resulted in 
extending the composite remaining service life of the system assets from 21.5 to 26 years. The impact of the 
depreciation study was an $11.0 million reduction of depreciation expense for the full year of 2006. 

Year ended December 31,2005 compared with year ended December 31,2004 

Our Liquids segment accounted for $127.3 million of operating income in 2005, representing a 
decrease of $11.8 million or eight percent over 2004. Lower results on the Lakehead system were modestly 
offset by stronger results on our North Dakota system and a full twelve-month contribution from our Mid- 
Continent system compared with a ten-month contribution for the same period in 2004. 

Operating revenue in 2005 increased by $8.7 million or two percent to $418.0 million, compared with 
$409.3 million for 2004. Our Mid-Continent assets contributed higher operating revenue of approximately 
$6.6 million for the additional two months of ownership in 2005 compared to 2004. Overall tariff increases 
and longer hauls on our North Dakota system were mostly offset by lower deliveries on the Lakehead 
system during 2005. 

Average daily crude oil deliveries on the Lakehead system decreased approximately 6 percent, from 
1.422 million Bpd during 2004 to 1.339 million Bpd during 2005. This resulted in lower operating revenue 
for 2005 of approximately $20.0 million. The decrease is the result of lower than expected crude oil supply 
in western Canada from three factors. First, Suncor, an oil sands producer in Alberta, Canada, had a fire at 
their upgrader site on January 4, 2005. As a result of the incident, Suncor’s production was reduced by an 
average of 89.000 Bpd during the first nine months of 2005. In late September, Suncor announced that 
repairs to the upgrader site and an expansion were completed and production capacity has increased as a 
result. Second, western Canadian crude oil supply available for delivery on our Lakehead system was also 
reduced during 2005 due to lower bitumen supplies. The nature of the cyclic steaming process used to 
extract bitumen from the ground can cause production timing differences during the year. Finally, during 
the second quarter of 2005, Kinder Morgan, Inc., an unrelated company, completed an expansion on its 
Express Pipeline system. The expansion increased capacity on this pipeline by approximately 108,000 Bpd. 
Given the volume commitments on thc Express Pipeline expansion, coupled with the lower western 
Canadian crude oil supply as noted above, deliveries on our Lakehead system were negatively impacted for 
2005. Management believes that holders of firm capacity on the Express Pipeline will first satisfy their 
commitments to that pipeline before moving incremental barrels on the Lakehead system. 

Increases in average tariffs on all three Liquids systems resulted in higher operating revenue by 
approximately $17.6 million. These tariff increases were partly the result of the annual index rate increase 
of approximately 3.63% allowed by the FERC that became effective July 1, 2005, on our base system 
tariffs. On the Lakehead system, new tariffs also went into effect on April 1,2005 for an adjustment on the 
Terrace expansion program surcharge due to lower than expected volumes moving on the Lakehead 
system. Longer hauls on our North Dakota system also contributed to higher average tariffs, as production 
in Montana continued to be strong during 2005. 

0 
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Operating and administrative expenses for 2005 increased by $15.3 million to $144.2 million, 

(1) workforce related costs increased by approximately $6.9 million due to the additional resources 
and related benefit costs we are charged for the operational, administrative, regulatory and 
compliance support necessary for our growing systems; 

(2) operating and administrative expenses on our Mid-Continent system increased approximately 
$2.9 million due to a full year’s ownership in 2005, compared with ten months in 2004; 

(3) capital project recoveries were lower by approximately $2.8 million due to a decrease in 
utilization of our workforce on capital projects and a reduction in construction activity on our 
Liquids systems; 

(4) oil measurement losses increased approximately $2.4 million 

Oil measurement losses occur as part of the normal operating conditions associated with our Liquids 

Higher volumetric physical losses associated with changes in commodity properties and 
measurement, coupled with higher oil prices that made the monetary value of normal physical 
losses more expensive. During ZOOS, the average West Texas Intermediate crude oil price was 
approximately $56 per barrel compared with approximately $41 per barrel during 2004, 

Wider lightheavy crude price differentials made degradation losses more expensive. During 2005, 
lightheavy differentials were approximately $21 per barrel compared with approximately $14 per 
barrel in 2004. 

Power costs increased $2.0 million, or three percent, in 2005 compared with 2004, mostly due to 
higher electricity rates and a full twelve-month contribution from our Mid-Continent system compared to 
ten months in 2004, partially offset by lower energy consumption related to lower Lakehead volumes. 
Power costs associated with the Mid-Continent system increased approximately $1.5 million in 2005. 

Depreciation and amortization increased $3.2 million, or five percent, in 2005 compared with 2004. 
The increase is driven primarily by a full twelve-month contribution from our Mid-Continent system and 
an increase in the depreciable asset base on our Lakehead system in 2005. 

Future Prospects for Liquuls 

Historically, Western Canada has been a key source of oil supply serving U.S. energy needs. Canada’s 
oil sands, one of the largest oil reserves in the world, are becoming an increasingly prominent source of 
supply. Combined conventional and oil sands established reserves of approximately 179 billion barrels, 
compared with Saudi Arabia’s proved reserves of approximately 260 billion barrels. The National Energy 
Board, or NEB, estimates that total 2006 Western Canadian Sedimentary Basin, or WCSB, production 
averaged approximately 2.3 million Bpd compared with 2.2 million Bpd in 2005. According to production 
forecasts by CAPP, Western Canadian crude oil production is projected to  grow progressively from 
approximately 2.2 million Bpd in 2005 to 4.7 million Bpd by 2020. Conventional crude oil production is 
expected to decline from approximately 1.0 million Bpd to approximately 550,000 Bpd over the same 
period. The net increased production is expected to result from an estimated $82billion of active or 
planned projects that are being developed in the oil sands. The projected growth in Western Canadian 
crude production will require construction of new pipelines to ensure new oil supplies can be transported 
to markets in the United States. 

We and Enbridge are actively working with our customers to develop transportation options that will 

compared with $128.9 million in 2004. The increase was attributable to the following factors: 

pipelines. During 2005, the increase in oil measurement losses was a function of the following two factors: 

allow Canadian crude oil greater access to markets in the United States. 
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